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Appendix A. Resource Inputs & Assumptions 

1 Introduction 

This Appendix has been developed to describe the methodology and document 

the input assumptions of Version 3 and Version 3b of the Greenhouse Gas (GHG) 

Calculator.  It supplements the main report, “Greenhouse Gas Modeling of California’s 

Electricity Sector to 2020: Updated Results of the GHG Calculator Version 3b,” which 

discusses the project background and key findings.  This Appendix updates and replaces 

the initial set of “white papers”, most of which were created in November 2007 and 

which documented the first stage of this modeling effort.   

The inputs, calculations, and results in the GHG Calculator that define a 2020 

‘case’ are illustrated in Figure 1, below.  At a high level, the inputs include assumptions 

about loads, resources to meet load, resource costs, and system dispatch, including the 

market price of wholesale electricity and the emissions intensity of marginal electricity 

generation.  Summary data from the production simulation model PLEXOS is another 

input into the analysis tool.  Summarized output data from PLEXOS are adjusted in the 

spreadsheet depending on changes to the resources and loads selected in the GHG 

Calculator.  In addition, responsibility for emissions and costs are assigned to retail 

providers so that utility-specific outputs can be calculated. The results of the GHG 

Calculator include emissions levels, costs, rates, and other metrics such as the cost of a 

metric ton of carbon dioxide (CO2) reduced by a given emission reduction measure.  
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2 Load Forecast  

Load growth forecasts provide the basis for creating the resource expansion plan 

to 2020 within the GHG Calculator and the PLEXOS production simulation dispatch 

model runs. Energy and peak demand growth determine new resource needs between 

2008 and 2020. In this way, the magnitude of the load growth forecasts has implications 

for both total greenhouse gas emissions and the cost of reducing greenhouse gas 

emissions.  

California 

California load growth estimates by retail provider were developed using the 

CEC’s California Energy Demand 2008-2018 Staff Revised Forecast.1 We extended the 

forecast to 2020 using the growth rate from the last three years of the forecast.  The 

CEC’s multiple planning areas from the November 2007 load forecast are mapped to 

eight categories of retail providers that are modeled in the GHG Calculator: PG&E, SCE, 

SDG&E, SMUD, LADWP, Northern California Other, Southern California Other, and 

the Water Agencies.  The mapping of the CEC planning areas to these eight categories is 

shown in Table 1 below.    The resulting California retail provider energy and peak load 

forecast for the Reference Case is shown in Table 2 and Table 3. 

                                                 

1 Staff Final Report, CEC-200-2007-015-SF2, November 2007.  
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1 PG&E
PG&E Bundled Customers
PG&E San Francisco

2 SCE
SCE Bundled Customers

3 SDG&E 
SDG&E Bundled Customers

4 SMUD
SMUD

5 LADWP
LADWP

6 Northern - Other
Alameda PG&E Direct Access
Biggs Plumas-Sierra Rural Electric Cooperation
Calaveras Public Power Agency Port of Stockton
Gridley Power and Water Resource Purchasing A
Healdsburg Redding
Lassen Municipal Utility District Roseville
Lodi Shasta Dam Area Public Utility District
Lompoc Silicon Valley Power
Merced Irrigation District Tuolumne County Public Power Agency
Modesto Irrigation District Turlock Irrigation District
Palo Alto Ukiah
Mountain Utilities Pacificorp
Trinity Public Utility District Sierra Pacific Power Company
Truckee-Donner Public Utility District Surprise Valley Electrical Corporation

7 Southern - Other
Anaheim Rancho Cucamonga
Anza Electric Cooperative, Inc. Riverside
Azusa SCE Direct access
Banning Valley Electric Association, Inc.
Bear Valley Electric Service Vernon
Boulder City/Parker Davis Victorville Municipal
Colton Needles
Burbank SDG&E Direct Access
Glendale Imperial Irrigation District
Pasadena

8 Water Agencies
Central Valley Project
Metropolitan Water District
Department of Water Resources
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Retail Provider Group

Retail 2008 
Load at Gen 

(GWh)

Retail 2020 
Load at Gen 

(GWh)

Avg. Annual 
Growth 2008-

2020 (%)
PG&E 81,243 95,046 1.3%
SCE 82,366 99,268 1.6%

SDG&E 17,448 21,143 1.6%
SMUD 11,172 13,148 1.4%

LADWP 24,673 26,070 0.5%
Nothern Other 21,518 23,942 0.9%
Southern Other 26,766 29,603 0.8%
WaterAgencies 12,294 12,299 0.0%

TOTAL 277,479 320,519 1.2%  
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Retail Provider Group

2008 Net Peak 
(MW at 

generator)

2020 Net Peak 
(MW at 

generator)

Annual Avg. 
Growth  2008-

2020 (%)
PG&E 19,247 22,655 1.4%
SCE 19,861 24,137 1.6%

SDG&E 3,970 4,804 1.6%
SMUD 3,174 3,734 1.4%

LADWP 5,717 6,005 0.4%
Nothern Other 4,229 4,854 1.2%
Southern Other 5,797 6,542 1.0%
WaterAgencies 1,243 1,241 0.0%

TOTAL 63,239 73,972 1.3%  

 

Rest of Western Region  

For the PLEXOS production simulation dispatch model runs, a load forecast for 

regions in the Western Electricity Coordination Council (WECC) is also needed.  E3 

developed these forecasts using energy and peak demand growth rate forecasts from the 

integrated resource plans (IRPs) of the major Western state utilities and planning 

committees. These growth rates were applied to the 2008 loads from the WECC Seams 

Steering Group of the Western Interconnect (SSGWI) for each of the Western regions to 

generate a 2020 forecast.  The Western regions’ peak demand and energy load growth 
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forecasts are shown in Table 4, followed by a description of the data sources for each 

growth rate estimate.  

������*�����)����������%�&�'�����������
��������+
!���
�������
!��, ��
����-�����
Current Policy Base Case

Western 
Region 2008 Peak (MW) 2020 Peak (MW) % 2008 Load (GWh) 2020 Load (GWh) %
AB 8,570 10,695 1.9% 59,910 75,526 1.9%
AZ 20,560 27,607 2.5% 97,454 136,953 2.9%
BC 9,950 11,521 1.2% 66,345 78,653 1.4%  
CFE 1,645 2,716 4.3% 8,942 15,521 4.7%
CO 11,041 14,382 2.2% 67,582 85,707 2.0%
MT 1,620 1,888 1.3% 10,293 11,994 1.3%
NM 3,290 4,324 2.3% 19,913 25,692 2.1%
NV 1,737 2,173 1.9% 10,351 12,895 1.8%
NW 29,395 34,656 1.4% 177,186 208,898 1.4%
UT 10,157 13,696 2.5% 55,546 70,499 2.0%
WY 2,526 3,534 2.8% 14,579 21,139 3.1%
Total WECC 163,436 200,930 1.7% 887,045 1,089,043 1.7%  

 

Data sources for peak and energy forecast growth rates: 

·  Alberta Source: The Role of Renewable Energy in Alberta's Energy Future, 

November 2006. Figures represent the Alberta Internal Load (“AIL”); the total 

domestic consumption including behind-the-fence and City of Medicine Hat load. 

Growth rates are from the "most likely" scenario. 

·  Arizona's and Southern Nevada (Reno area) load growth estimates are based on 

an extrapolation from load projection data provided by the Western Electricity 

Coordinating Council's 10-year Coordinated Plan Summary, July 2006. The 

WECC load forecast includes Arizona, New Mexico and Southern Nevada; the 

numbers were adjusted to exclude New Mexico load. No data on peak demand 

growth was available from this source, so the peak demand growth rate is 

assumed to equal the energy demand growth rate. 

·  British Colombia Source: BCHydro's Electric Load Forecast (2004/05 - 2025/26). 

British Columbia energy and peak demand forecasts include DSM measures. 

·  CFE (Comisión Federal de Electricidad), Mexico Source: “Scenarios Analysis of 

the California Electricity System: 2007 Integrated Energy Policy Report,” CEC 

2007.  
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·  Colorado Source: Public Service Company of Colorado, 2003 Least Cost 

Resource Plan. Growth rates are from data available for 2008 and 2015.  

·  Montana Source: NorthWest Energy 2005 Electric Default Supply Resource 

Procurement Plan. Peak demand growth rate was assumed to equal energy 

demand growth rate. Energy growth rate is based on total system annual energy 

forecasts excluding DSM. 

·  New Mexico Source: PNM 2007 Electric Resource Plan, page 14-15. New 

Mexico data was available from 2008 to 2016. 

·  Northern Nevada Source: Sierra Pacific Power 2007 IRP, excluding DSM.  

·  Northwest (Oregon, Washington and Northern Idaho) Source: Energy demand 

data from the Pacific Northwest Power and Conservation Plan, 2005. Peak 

demand growth rate was assumed to equal energy demand growth rate.  

·  Utah and Southern Idaho Source: Energy and peak demand load forecasts from 

IdahoPower's 2006 IRP and PacifiCorp's 2007 IRP were combined to create an 

estimate of demand growth in Utah and Southern Idaho.  

·  Wyoming Source: PacificCorp's 2007 Integrated Resource Plan. Data was 

available for 2006-2016; growth to 2020 was calculated based on the average 

annual growth rate between 2014 and 2016. Load in the rest of Wyoming, 

calculated from the EIA 2005 Electric Sales, Revenue and Price report, was 

assumed to increase at 2 percent per year. The PacificCorp load was combined 

with the rest of Wyoming load to create the final growth rates, calculated as the 

annual average growth rate between the computed statewide 2008 forecast and the 

2020 forecast. 
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3 Overview of Electric Costs in the GHG Calculator  

3.1 Electric Revenue Requirement Overview 

This section describes the methodology used in the GHG Calculator to calculate 

the total revenue requirement of electricity service under a given case.  The total revenue 

requirement of electric service is the sum of all fixed and variable costs associated with 

each of the demand-side and supply-side resources selected for each of the retail service 

providers.  The formula for calculating the total revenue requirement (RR) of electricity 

service is: 

RR  = Generation Costs + Fixed and Non-Generation Costs, where: 

Generation Costs = PPA + DER + VC + TXC + WIC 

 PPA = Cost of new Purchased Power Agreements 

 DER = Demand-side resources program and administration costs 

 VC = Variable cost of existing utility generation and market purchases 

 TXC = Cost of new transmission, levelized 

 WIC = Wind integration cost 

And where: 

Fixed and Non-Generation Costs =  

2008 Fixed & Non-Gen RR * DSales * DSales Sensitivity * (1+ Inf), where: 

2008 Fixed & Non-Gen RR =  2008 Fixed & Non-generation Revenue 

Requirement 

    DSales = Percent change in sales  

    DSales Sensitivity = Percent change in non-generation cost divided by percent    

change in sales 

    Inf = Real escalation of non-generation cost (2%) 
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The value of each variable above depends on the scenario selected in the GHG 

Calculator.   We provide a brief overview here to familiarize the reader with the general 

methodology for calculating the total costs.  A more thorough discussion of resource 

costs is provided in the remainder of this appendix. 

3.1.1 Generation Costs 

3.1.1.1 Power purchase agreement costs of new supply-side resources 

The power purchase agreement (PPA) costs are the total levelized costs of new 

supply-side resources selected for each case.  Fixed costs include fixed operation and 

maintenance costs, capital and construction costs, interest on funds used during 

construction, financing costs including both interest payments and shareholder returns, 

taxes, and insurance.  The PPA costs also include the variable operating costs for fuel and 

maintenance.  The PPA cost levels are such that the PPA plant just returns the required 

rate of return based on the capital cost, financing, and fuel assumptions. 

3.1.1.2 Costs of demand-side energy resources (DER) 

The utility incentive and administration costs for all of the demand-side programs 

are estimated and included for each retail service provider.  Demand-side programs 

include the California Solar Initiative (CSI), demand response (DR), combined heat and 

power (CHP), and energy efficiency (EE).   

3.1.1.3 Variable cost of existing utility generation and market purchases 

The model incorporates the variable cost of both existing utility generation and 

market purchases.  Variable costs include principally fuel and variable operations and 

maintenance costs.  Costs of market purchases are calculated using the parametric curves 

from the PLEXOS production simulation output and an estimate of the change in the 

market clearing price from implementation of the cap and trade market in the electricity 

sector.   
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3.1.1.4 Cost of new transmission 

New resources cannot be added to the system without upgrades to the regional 

transmission grid.  The model tracks two types of transmission upgrade costs:  (1) the 

costs of generation integration facilities or “collector systems” – transmission that is 

radial to the main transmission grid and that collects energy produced by generators and 

transmits it to a higher voltage, backbone facility; and (2) the costs of main grid upgrades 

or “trunk lines” – the higher voltage lines necessary for transmitting large amounts of 

power over long distances.  We assume that generation integration facilities are financed 

by the generation owner, while main grid upgrades use investor-owned utility financing.   

3.1.1.5 Cost of integrating wind resources 

Wind resources are intermittent and variable in nature.  Output from wind energy 

facilities fluctuates from hour-to-hour, and even from minute-to-minute, depending on 

the speed of the wind as it flows over the turbines.  The variable nature of the output 

imposes costs on the system, because the output of other resources must be constantly 

adjusted to match fluctuations in the output of the wind resources.  These costs are small 

when wind resources make up only a small proportion of the total resources on the 

system, but can be substantial when wind reaches high levels of penetration.  The GHG 

Calculator calculates the cost of integrating wind resources as a function of wind’s share 

of the total resources in a control area. 

3.1.2 Fixed and Non-Generation Costs 

Fixed and non-generation costs are based on estimates of each retail service provider’s 

existing revenue requirement.  The 2008 fixed and non-generation costs are calculated by 

first estimating total revenue requirement.  This is calculated as the total system average 

rate for each retail service provider in 2008 times sales in 2008, then subtracting the 2008 

generation costs computed as described above.  For years following 2008 (the starting 

year of the GHG Calculator) the non-generation costs are adjusted by the change in sales, 

and an estimate of the real escalation rates in non-generation costs. 

Table 5 provides the total retail rate, the calculated 2008 non-generation rate, and the 

adjustment factors used to escalate the real costs of non-generation components.  Note 
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that the non-generation component of the revenue requirement is an approximation for a 

number of different cost components.  With a constant level of sales, it is assumed that 

non-generation revenue requirement is depreciated as fast as it is added with no net 

change in total costs except for inflation.  This approach also serves to calibrate the rates 

of each retail service provider to the reported 2008 system average levels.  The change in 

non-generation costs based on the change in sales is a high level estimate, but accounts 

for a reduction in transmission and distribution (T&D) costs relative to the reference case 

for reduced throughput.  A relatively modest impact on non-generation costs of 20% of 

the change in sales is assumed based on discussion and stakeholder feedback. 

������.	�/��0������
�������
�����'�
�����

Non-generation Cost 
Assumptions PG&E SCE SDG&E SMUD LADWP

Northern 
CA Other

Southern 
CA Other

2008 Total Rate ($/kWh)
0.140$         0.147$         0.145$         0.106$         0.101$         0.099$         0.123$         

2008 Incr Gen -related costs 
($M) 3,346           3,448           953              555              899              1,321           1,088           
2008 non-incr-gen rate 
($/kWh) 0.099$         0.105$         0.091$         0.056$         0.065$         0.038$         0.082$         
Non gen real escalation 
(above inflation) (%/yr) 2% 2% 2% 2% 2% 2% 2%
Increase in Non-Gen Costs 
with Sales Changes 20% 20% 20% 20% 20% 20% 20%  
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Demand Side Resources 

4 Energy Efficiency 

In the GHG Calculator, there are four built-in options for energy efficiency (EE) 

scenarios: 

1) the Reference case level of EE 

2) a low goals option 

3) a mid goals options 

4) a high goals option.   

These four basic options can also be adjusted within the GHG Calculator to create 

alternative options.  In addition, the Reference case level of EE can be removed from a 

scenario, resulting in a zero incremental energy efficiency case, as is done in the Natural 

Gas Only scenario.   

The Reference case level of EE is designed to reflect, to the extent possible, the 

amount of EE achievements that are already embedded in the CEC November 2007 

Energy Demand forecast.2  This means that when the Reference case level of EE is 

selected in the GHG Calculator, the Reference case load growth forecast is unchanged.  

For other EE scenarios, the load forecast is adjusted based on the difference between the 

Reference case level of EE, and the level of EE selected in the scenario.   

The CEC’s November 2007 energy demand forecast notes that: “as models are 

calibrated to historic actual data, they implicitly account for the effects of many years of 

energy efficiency programs.”  Historic data also reflect energy efficiency improvements 

which would have likely occurred even in the absence of EE programs, due to the 

improvement of technology over time.  This means that estimating the amount of EE 

                                                 

2 Source of the reference case load forecast: “California Energy Demand 2008-2018 Staff Revised 
Forecast,” CEC-200-2007-015-SF2, November 2007.  
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embedded in the 2007 load forecast and the natural rate of efficiency improvements is 

difficult; in the GHG Calculator this estimate was subject to E3’s judgment.   E3 

estimated this level to be 16,450 GWh between 2008 and 2020 for the state as a whole.   

The other three EE scenarios – “low” “mid” and “high goals” – were modeled 

after the scenarios developed for the state’s three investor owned utilities (IOUs) in the 

California Public Utility Commission’s (CPUC) 2007 update to the IOU’s energy 

efficiency goals.3  The low goals scenario has more EE savings than the Reference case.  

The high goals scenario has the most EE savings; however, the mid goals and high goals 

scenarios have the same level of utility program savings.  The only difference between 

the mid goals and the high goals case is the amount of savings that are assumed to come 

from non-utility energy efficiency programs, including the Huffman Bill on lighting, 

Title 24 building standards, federal appliance standards and the “Big, Bold Energy 

Efficiency Strategies” (BBEES). 4   

The CPUC goals study only included EE goals for the three IOUs, so additional 

EE scenarios were developed for the other retail provider groups modeled in the GHG 

Calculator.  Scenarios were developed for SMUD, LADWP, and the Northern Other and 

Southern Other groups by scaling the IOU goals based on the publicly-owned utility 

(POU) energy efficiency savings targets through 2016, which were filed with the CEC as 

part of Assembly Bill 2021 requirements.  

The result of the energy efficiency scenarios are shown in ;�����% .  

�

                                                 

3 CPUC, March 2007. “Assistance in Updating the Energy Efficiency Savings Goals for 2012 and 
Beyond,” available at: http://www.cpuc.ca.gov/NR/rdonlyres/D72B6523-FC10-4964-AFE3-
A4B83009E8AB/0/GoalsUpdateReport.pdf 
4 Ibid. 
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2020 Savings 2008 to 2020 PG&E SCE SDG&E SMUD LADWP
Northern 

Other
Southern 

Other TOTAL CA
Reference

Utility Programs - Electric (GWh) 5107 6466 1391 884 1357 470 774 16450
MW Peak Load Reduction 817 954 228 234 265 49 82 2628

Low Goals Huffman Bill (GWh) 3466 2696 821 671 712 486 533 9384
T24+Federal Standards (GWh) 1041 933 204 125 88 153 180 2724
BBEES (GWh) 671 573 109 78 55 95 112 1693
Utility Programs - Electric (GWh) 4023 4626 781 1055 1651 652 1082 13869
MW Peak Load Reduction 1592 1527 331 334 433 240 330 4786

Mid Goals Huffman Bill (GWh) 2162 1509 393 422 404 303 299 5493
T24+Federal Standards (GWh) 1567 1374 302 186 132 229 267 4058
BBEES (GWh) 880 726 140 100 71 123 144 2183
Utility Programs - Electric (GWh) 6008 7072 1424 1607 2547 990 1670 21318
MW Peak Load Reduction 1836 1847 391 401 546 284 412 5717

High Goals Huffman Bill (GWh) 2883 2012 524 546 520 402 397 7283
T24+Federal Standards (GWh) 1808 1581 344 214 152 263 308 4669
BBEES (GWh) 1312 1100 215 151 107 185 217 3288
Utility Programs - Electric (GWh) 6008 7072 1424 1607 2547 990 1670 21318
MW Peak Load Reduction 2077 2035 434 436 575 318 448 6323 �

/�
�	��$*�3���
���$*�����������
���������44��2�3�4����4���������%�� ��������%�2
��
������

�

The cost of these future 2020 energy efficiency scenarios is uncertain.  Itron, the 

consulting firm that developed the low, mid and high goals for California’s three large 

IOUs in the report on “Assistance in Updating the Energy Efficiency Savings Goals for 

2012 and Beyond,” provided E3 with estimates of the IOU program costs for these three 

scenarios, as well as estimates of the total resource cost for the IOU utility program 

component of scenarios.  Costs are even more uncertain for new programs included in the 

EE scenarios such as the Huffman Bill for energy efficient lighting and the BBEES.  As a 

result, E3’s professional judgment was used to develop estimates of future energy 

efficiency costs for these categories in the scenarios.  E3 also estimated the non-IOU 

utility program costs for each scenario.  The energy efficiency utility costs and total 

resource costs (in 2008 dollars per kWh) are shown in ;�����7  and ;�����2 .  

�
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Utility Program Costs (2008 
$/kWh) PG&E SCE SDG&E SMUD LADWP

Northern 
Other

Southern 
Other

Reference IOU Programs 0.03$       0.02$       0.02$       0.02$       0.02$       0.02$       0.02$       

Low Goals Huffman Bill 0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       
T24+Federal Standards 0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       
BBEES 0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       
IOU Programs 0.03$       0.02$       0.02$       0.03$       0.02$       0.02$       0.02$       

Mid Goals Huffman Bill 0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       
T24+Federal Standards 0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       0.01$       
BBEES 0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       
IOU Programs 0.06$       0.05$       0.05$       0.06$       0.05$       0.05$       0.05$       

High Goals Huffman Bill 0.02$       0.02$       0.02$       0.02$       0.02$       0.02$       0.02$       
T24+Federal Standards 0.02$       0.02$       0.02$       0.02$       0.02$       0.02$       0.02$       
BBEES 0.07$       0.07$       0.07$       0.07$       0.07$       0.07$       0.07$       
IOU Programs 0.06$       0.05$       0.05$       0.06$       0.05$       0.05$       0.05$       �

�

������6����
�'�
�����������%����������%���
���������������
� ��%�2��������

Total Resource Costs (2008 
$/kWh) PG&E SCE SDG&E SMUD LADWP

Northern 
Other

Southern 
Other

Reference IOU Programs $0.04 $0.03 $0.04 $0.03 $0.03 $0.03 $0.03

Low Goals Huffman Bill 0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       
T24+Federal Standards 0.08$       0.08$       0.08$       0.08$       0.08$       0.08$       0.08$       
BBEES 0.12$       0.12$       0.12$       0.12$       0.12$       0.12$       0.12$       
IOU Programs 0.04$       0.03$       0.04$       0.04$       0.03$       0.03$       0.03$       

Mid Goals Huffman Bill 0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       
T24+Federal Standards 0.08$       0.08$       0.08$       0.08$       0.08$       0.08$       0.08$       
BBEES 0.12$       0.12$       0.12$       0.12$       0.12$       0.12$       0.12$       
IOU Programs 0.06$       0.05$       0.05$       0.06$       0.05$       0.04$       0.04$       

High Goals Huffman Bill 0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       0.05$       
T24+Federal Standards 0.08$       0.08$       0.08$       0.08$       0.08$       0.08$       0.08$       
BBEES 0.12$       0.12$       0.12$       0.12$       0.12$       0.12$       0.12$       
IOU Programs 0.06$       0.05$       0.05$       0.06$       0.05$       0.04$       0.04$       �

 

 Natural gas energy efficiency scenarios are also included in the GHG Calculator 

for the state’s three large natural gas utilities: Pacific Gas & Electric Company (PG&E), 

Southern California Gas Company (SoCal Gas) and San Diego Gas and Electric 

Company (SDG&E) SDG&E.  These scenarios were developed using a similar 

methodology to the electric energy efficiency assumptions described above. These 

assumptions are shown in the figure below. 
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2008 Cumulative Savings (MMth) PG&E Socal Gas SDG&E
Reference 0 0 0
Low Goals IOU Programs - Electric 0 0 0
Mid Goals IOU Programs - Electric 0 0 0
High Goals IOU Programs - Electric 0 0 0

2020 Cumulative Savings (MMth) PG&E Socal Gas SDG&E
Reference 94 86 16
Low Goals IOU Programs - Electric 93 108 20
Mid Goals IOU Programs - Electric 157 188 30
High Goals IOU Programs - Electric 214 241 38

Total Resource Costs $/Therm PG&E Socal Gas SDG&E
Low Goals IOU Programs 0.24$         0.25$         0.26$         
Mid Goals IOU Programs 0.26$         0.27$         0.27$         
High Goals IOU Programs 0.27$         0.28$         0.28$         

Utility Program Costs $/Therm PG&E Socal Gas SDG&E
Low Goals IOU Programs 0.10$         0.13$         0.15$         
Mid Goals IOU Programs 0.16$         0.19$         0.19$         
High Goals IOU Programs 0.19$         0.22$         0.22$          
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5 Demand Response  

Demand response is the ability to directly control, or signal through prices or 

other means, consumption changes of electricity at times of the system peak. The level of 

demand response assumed to be in place in California primarily affects the amount of 

new generation that needs to be built to meet reserve margins and maintain reliability in 

the California system.  Since demand response changes the dispatch of the system and the 

number of power plants operating during peak hours, it affects GHG emissions levels. 

Demand response assumptions in the GHG model are derived primarily from the 

Energy Action Plan II (EAP II), published by the CEC and CPUC, which sets a goal of 

demand response for California of 5% of peak load.  This key action is accompanied by 

actions designed to incorporate demand response into the capacity planning process and 

to coordinate investor-owned utility and publicly-owned utility demand response efforts.  

The GHG Calculator assumptions on demand response applied in both the Reference 

Case and the Accelerated Policy Case are the following: 

·  Demand response levels in 2020 are equal to 5% of the 1 in 2 probability CA peak 

load forecast 

·  Demand response counts towards resource adequacy and reserve margins 

·  Peak load includes both investor-owned and publicly-owned utilities 

·  Energy consumption reduced during demand response events is replaced by increased 

energy consumption in other periods. 

The following excerpts from EAP II highlight the basis for each of these 

assumptions. 
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Energy Action Plan II, Demand Response Key Actions, 2005 

3. Identify and adopt new programs and revise current programs as necessary to achieve the 

goal to meet five percent demand response  by 2007 and to make dynamic pricing tariffs 

available for all customers. 

10. Incorporate demand response appropriately and consistently into the planning  protocols of 

the CPUC, the CEC, and the CAISO. 

12. Coordinate IOU demand-response programs with custom er-owned utility demand-

response efforts  to provide a comprehensive, statewide contribution to California’s resource 

adequacy portfolio. 

 

5.1 Energy savings associated with demand response 

Net energy consumption depends on a number of factors including affected end-

uses and customer behavior.  For example, demand response on HVAC commonly results 

in a ‘bounce back’ after the event and the equipment brings the conditioned space back to 

the desired temperature.  Similarly, production schedules that are moved in time to 

reduce load during the demand response events would not result in a change in net 

energy.  For this reason, we make the conservative and simplifying assumption that 

demand response results in no net energy savings (unlike energy efficiency which is 

treated separately).  

5.2 Inclusion of demand response in PLEXOS simulati on 

The approach to include demand response in the PLEXOS production simulation 

model is to adjust the load shape by hour to account for the peak load reduction and 

energy effects due to demand response.  Starting with an (illustrative) gross system peak 

load of 72,000 MW in 2020, 5% demand response is equivalent to 3,600 MW.  

Therefore, the peak load is reduced by 3,600 MW to 68,400 MW.  In other high load 

hours, the peak load is reduced in smaller amounts until hour 25, when demand response 

is no longer needed to reduce peak load below 5% of peak.  A small amount of energy is 

added to other hours to provide no net energy change over the course of the year. 
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6 Photovoltaics (PV) and the California Solar Initi ative 

(CSI)  

6.1 Overview 

Distributed behind-the-meter PV is included as a clean energy resource in the 

analysis.  The California Solar Initiative (CSI) program implements the Governor’s 

Million Solar Roofs initiative, with a target of installing 3,000 MW of solar generation in 

California by encouraging installation, research, and market transformation of solar 

photovoltaic systems in California by 2017.  Each of the IOUs and POUs have programs 

that are part of the CSI program. 

6.2 Demand and Energy Impacts of Distributed PV 

The Reference Case for solar PV adopts the PV forecast in the CEC 2008 – 2018 

Load Forecast, for a total of 847 MW of PV installed by 2018.  Since the reference case 

impacts are already included in the analysis upon which the demand and energy forecasts 

are based, both the impact on peak load and energy are already accounted for in the load 

forecast.  

The Accelerated Policy Case assumes that the CSI goal of installing 3,000 MW of 

distributed PV in California is achieved.  In the 3,000 MW case, an adjustment to the 

load forecast for the incremental 2,153 MW of PV is included.  Given the nameplate 

rating of installed systems, we apply the same assumptions used in the CEC 2008-2018 

forecast for average capacity factor (18%) and coincident peak load reduction (50% of 

nameplate capacity) to make these adjustments. 

6.3 Cost Forecast of Distributed PV 

The costs of distributed PV are made up of two components: the CSI customer 

incentive payment which is collected through rates, and the total installed system cost.  

The incentive payment is used to evaluate the cost-effectiveness from the Program 
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Administrator’s Cost test (PAC) and the total cost is used to evaluate a Total Resource 

Cost (TRC) perspective. 

The incentive cost is assumed to follow the existing ‘step down’ function of CSI 

incentives currently established by the program.  The total installed cost of the system is 

assumed to be $8 per watt in 2006 dollars throughout the analysis horizon.  The GHG 

Calculator allows the user to generate a sensitivity test for lower cost PV scenarios.  The 

values used in the sensitivity analysis come from the 2007 CPUC Self-Generation 

Incentive Program (SGIP) report on Solar PV Costs and Incentive Factors, which 

forecasts total installed costs of PV systems.  When the report was published in 2007, 

solar PV costs were estimated at approximately $8/W, decreasing to $4.60/W in $2006 

by 2016. 

 

6.4 Data sources and assumptions 

Table 10 shows the solar PV assumptions that are embedded in the CEC’s 

November 2007 revised load forecast, and which are reflected in the GHG Calculator 

Reference case.   
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Energy impacts of new PV installations (GWh)

(GWh) Planning Area 2008 2020
Capacity 
Factor:

PG&E 105 683 15.6%
SCE 51 332 16.0%
SDG&E 18 118 16.2%
SMUD 2 12 15.4%
LADWP 3 23 16.0%
Imperial Irrigation District 0 3 16.5%
Burbank-Glendale 0 1 15.6%
Pasadena 0 1 16.3%
Total 180 1172

Coincident peak impact of new PV installations by p lanning area
from CSI, ERP, and other PV incentive programs (MW)

(MW) Planning Area 2008 2020

Derate factor 
applied to 
installed 

PG&E 45 293 58.8%
SCE 20 130 54.8%
SDG&E 7 43 51.4%
SMUD 1 5 57.8%
LADWP 1 9 54.3%
Imperial Irrigation District 0 1 55.3%
Burbank-Glendale 0 1 53.9%
Pasadena 0 0 53.9%
Total 74 482  

                                                 

5 Extrapolation from 2018 forecast to 2020 provided to E3 by Lynn Marshall of the CEC, February 29, 
2008. 
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Table 11 shows the assumptions used to calculate the impacts of solar PV in the 

Accelerated Policy case and other user-defined scenarios.  Only the incremental impacts 

of additional solar PV, above the level of solar PV that is already included in the CEC’s 

load forecast, are used to adjust the load forecast and cost calculations.  The GHG 

Calculator includes slightly more optimistic assumptions about the 2020 capacity factor 

and the de-rate factor of rooftop solar PV.  The GHG Calculator assumes an 18% 

capacity factor, compared to the CEC load forecast assumption of approximately a 16% 

capacity factor.  Likewise, the CEC’s de-rate factor for installed nameplate capacity 

relative to coincident peak demand is about 55%, compared to the GHG Calculator 

assumption of 50%.   

���������������������
����2
�2������<�
���
�����2�������� ���'�
� ����

GHG Calculator  Input Assumptions
2020 CSI Solar PV capacity factor 18%
2020 ratio of coincident peak to solar PV nameplate capacity 50%

GHG Calculator  Scenario Assumptions
Reference Case PV, 2020, coincident peak (MW) 482
Reference Case PV installations, 2020, nameplate (MW) 847
Accelerated Policy Case, total nameplate (MW) 3,000
Accelerated Policy Case, 2020 incremental nameplate (MW) 2,153
Accelerated Policy Case, 2020 incremental peak load reduction (MW) 1,076
Accelerated Policy Case, 2020 energy impact (GWh) 3,395  

 Table 12, below, shows the GHG Calculator assumptions regarding the generation 

output profile of rooftop solar PV.  The table shows that most of the solar PV generation 

is produced during high load hours.  These generation shares are used to allocate solar PV 

generation among the four time periods modeled in the GHG Calculator.6   

�������$��������
�������������������
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Summer High Load Hours 40%
Summer Low Load Hours 15%
Winter High Load Hours 30%
Winter Low Load Hours 15%  

                                                 

6 Summer is defined as May to September.  Winter is the rest.  High Load Hours are defined as Monday 
through Saturday 7-22 hours (6x16). Low Load Hours (LLH) are the rest. 
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7 Combined Heat and Power (CHP)  

Combined heat and power (CHP) applications, sometimes called co-generation 

facilities, were evaluated in two components; new and existing CHP.  New CHP is 

assumed to be either large or small additional natural-gas fired energy supply.  Existing 

CHP reflects installations that are already in service as of 2008 and provide electricity 

and thermal energy on-site and for export.  The assumptions for both new and existing 

CHP were developed by E3 in consultation with interested parties to the proceedings. 

7.1 New CHP 

New CHP units are divided into small CHP (less than 5MW) and large CHP 

(greater than 5MW) generators.  Each category has its own assumptions on cost, 

performance, fraction of fuel used for thermal vs. electric generation, peak coincidence 

and other elements.  Each also has its own potential applications based on the 2004 CEC 

CHP Potential Study “Moderate Market Access” case (which identifies potential of 4,376 

MW)7,8.   

Table 13 provides the assumptions used for new CHP.  As described above, the 

total potential was based on the CEC CHP Potential study.  Cost assumptions were 

initially based on the study, but were increased based on stakeholder feedback.  For 

capacity factor and peak coincidence, actual operational data was used for small CHP 

units as measured from actual installations in the SGIP Measurement and Verification 

(M&V) studies by ITRON, and the thermal / electric shares from the CARB Emissions 

Inventory and the EIA Form 906 / 920 filings. 

                                                 

7 See CEC Publication CEC-500-2005-060-D for the complete details of the study. 
8 Note that the CEC updated the CHP potential assessments for California in August of 2009 but this 
information was not available in 2008 in time for the study. 
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Grid Connected CHP Small CHP Large CHP
Size Definition <5MW >5MW
California Potential (MW) 1,574                 2,804                 
Installed Capital Cost $/kW ($2008) 1,952$               1,259$               
Gross Heat Rate 9,700                 9,220                 
Electric Sector Share of CHP Emissions (remainder is thermal) 57% 65%
Net Heat Rate 5,561                 6,031                 
On-site share of electricity usage 100% 25%
Capacity Factor 41% 85%
Coincidence Factor 60% 100%
Electric Emissions Intensity (tonnes per MWh) 0.29                   0.32                    

 

7.2 Existing CHP 

Table 14 provides the assumptions on electricity generation from existing small 

and large CHP units for electricity delivered for use on the customer site (“on-site”) and 

onto the electric grid (“on-grid”).   
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In order to appropriately capture the existing CHP in the production simulation 

results, the existing CHP inventory above was compared against the identified CHP in the 

PLEXOS database of generating plants (which in turn is based on the CHP in the WECC 

Transmission Expansion Planning Policy Committee (TEPPC) database).  From this 

                                                 

9 Data Sources:  2004 CEC CHP Potential Study (statewide potential, costs and performance); CARB 
Inventory (thermal and electric shares); EIA Form 906 / 920 (Total CHP generation) 
10 The estimates were compiled from a number of different data sources including the ARB CO2 Inventory 
and EIA Forms 906 / 920, and were subject to stakeholder review. 
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comparison, we found that the PLEXOS database did not have as much CHP as we 

believe exists in California, and therefore we added additional CHP output, using the 

parametric curves from PLEXOS, as an adjustment. 

Of the approximately 33,000 GWh of existing CHP generation in California that 

is exported onto the grid, approximately 7,706 GWh is dispatched in 2008 PLEXOS 

results, and 15,674 GWh is generated in the 2020 PLEXOS results.  Table 15 provides 

the total adjustment necessary for 2008 and 2020 by time-of-use (TOU) period. 
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Year 2008 2020
PLEXOS On-Grid CHP 7,706            15,674          
Additional CHP to grid added to PLEXOS Assumptions 25,294          17,326          
Estimated Total Existing On-Grid CHP 33,000 33,000
Addditional CHP by TOU Period
SHLH 11,204          4,504            
SLLH 2,815            2,522            
WHLH 9,595            6,302            
WLLH 1,680            3,998            
Total 25,294          17,326           

 

 

                                                 

11 Data Sources: CARB Inventory; EIA Form 906 / 920 (Total CHP generation); CEC Load Forecast 2008 
– 2018 Non-PV Self Generation (On-site use of electricity) 
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Supply Side Resources 

8 Generation and Resource Costs  

8.1 Busbar Costs & Performance Assumptions 

8.1.1 Levelized generation costs of renewable resou rces 

Renewable resource costs are derived from the most recent cost assumptions 

applied in the CPUC’s 33% Renewables Portfolio Standard Implementation Analysis 

Preliminary Results report (33% Implementation Analysis).12  The CPUC’s 33% 

Implementation Analysis provides site-specific cost information, including 

interconnection costs.  The cost assumptions in Table 16, from the 33% Implementation 

Analysis, were primarily developed from the Renewable Energy Transmission Initiative 

(RETI).13 
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Operating Data
Biogas Biomass Geothermal

Hydro - 
Small

Solar 
Thermal Wind

Nominal heat rate 11,566     14,749     -             -           -           -           
Capacity Factor 85.0% 80.0% 86.9% 50.0% 27.9% 33.0%

Capacity Value on Peak 100.0% 100.0% 100.0% 65.0% 77.0% 28.5%
Costs in California

Capital Cost ($/kW-yr.) 422.59$   600.61$   555.19$     441.12$   600.57$   302.22$   
Variable O&M ($/MWh) 0.01$       15.85$     40.61$       5.13$       -$         -$         

Fixed O&M ($/kW-yr.) 160.19$   114.11$   -$           19.58$     80.84$     73.49$     
Fuel Cost ($/MWh) 24.36       44.80       -             -           -           -           

Taxes and Insurance ($/kW-yr.) (92.47)$    14.61$     (161.98)$    77.21$     (231.49)$  (113.66)$  
All-in Levelized Cost for CA Reference Plant ($/MWh ) 90.22$     164.73$   92.26$       127.94$   184.09$   90.65$      

 

                                                 

12 California Energy Commission, “33% Renewables Portfolio Standard Implementation Analysis: 
Preliminary Results,” June 2009.  The report and spreadsheet model are available to download at: 
http://www.cpuc.ca.gov/PUC/energy/Renewables/hot/33implementation.htm. 
13 The Renewable Energy Transmission Initiative (RETI) is a joint, statewide effort to help identify the 
transmission projects in California to meet the state’s renewable energy goals.  RETI is overseen by a 
coordinating committee with representatives from the CPUC, CEC, California Independent System 
Operator and the Publicly-Owned Utilities.  Information about RETI is available at: 
http://www.energy.ca.gov/reti/documents/index.html. 
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8.1.2 Levelized generation costs of non-renewable r esources 

For non-renewable generation resources, with the exception of the combined 

cycle natural gas and combustion turbine units, the GHG Calculator applies a similar set 

of tax and financing assumptions as are used to calculate the cost of renewable resources 

(financing and tax assumptions are discussed below).  The costs of the CCGT and the CT 

are based on the assumptions applied in the 2007 Market Price Referent developed for the 

CPUC.  Table 17 shows these costs. 

�������5	�/��0����+�����������������
������������'������������� ������
���

Operating Data Coal IGCC
Coal IGCC 
with CCS Coal ST Gas CCGT Gas CT

Hydro - 
Large Nuclear

<5MW 
CHP

>5MW 
CHP

Nominal heat rate 8,309       9,713       8,844         10,807     6,917       -           10,400     9,700       9,220       
Capacity Factor 85.0% 85.0% 85.0% 5.0% 90.0% 50.0% 85.0% 40.5% 85.0%

Capacity Value on Peak 100.0% 100.0% 100.0% 100.0% 100.0% 90.0% 100.0% 60.0% 100.0%
Costs in California

Capital Costs ($/kW-yr.) 512.23$   850.70$   443.18$     105.03$   94.96$     453.26$   883.54$   233.38$   150.52$   
Variable O&M ($/MWh) 4.07$       6.18$       6.39$         3.18$       4.45$       5.27$       0.74$       2.95$       2.95$       

Fixed O&M ($/kW-yr.) 54.18$     63.81$     38.61$       14.63$     15.11$     19.58$     95.19$     13.59$     13.59$     
Fuel Cost ($/MWh) 24.10       28.17       25.65         66.83       104.42     -           11.89       93.72       89.08       

Taxes and Insurance ($/kW-yr.) 168.80$   280.34$   146.04$     27.67$     25.02$     81.21$     291.16$   61.49$     39.66$     
All-in Levelized Cost for CA Reference Plant ($/MWh ) 126.91$   194.82$   116.36$     92.44$     479.00$   131.77$   183.18$   201.01$   124.88$    

 

8.2 Financing and Tax Incentive Assumptions for Res ource 

Costing 

8.2.1 Generation Financing 

In order to allow technologies to compete on an even playing field, E3 assumes 

that all resources are developed by independent power producers (IPPs) using a 20-year 

financing life as described in the table below.  Due to utility ownership restrictions, IPP 

ownership may be more consistent with how resources are likely to be constructed in 

California, and provides a comparable basis on which to analyze resources contracted by 

both investor-owned and publicly-owned utilities.   

E3 calculates the resulting 20-year nominal levelized PPA price ($/MWh) at a 

level that allows the IPP to achieve its target after-tax equity return.  E3 assumes that 

each project is project financed and that the pre-tax weighted average cost of capital 

(WACC) remains roughly constant across resources (approximately 10.5%).  The solar 

thermal resources have additional equity in their capital structure because without it, the 

investment tax credit and accelerated tax depreciation result in insufficient operating cash 
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flows to cover debt service in some years.14  The after-tax equity return for solar 

resources is lower due to this reduced debt share (higher equity share), which reduces the 

risk profile of the equity in that project.  Financing assumptions for fossil resources 

(Natural gas CCGT, Gas CT and CHP resources) are unchanged from Version 2.b of the 

GHG Calculator, so have slightly different financing assumptions from the renewable 

resources.  The relevant financial assumptions for solar, non-solar and fossil resource 

financing are shown in Table 18. 
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IPP Finanacing 
Assumptions 

(Non-Solar 
Renewables)

IPP Finanacing 
Assumptions 

(Solar)

IPP Finanacing 
Assumptions 

(Fossil)
All-in Tax Rate 41% 41% 41%
Economic Life (Years) 20 20 20
Financing Life (years) 20 20 20
Cost of Equity 15.29% 13.25% 15.70%
Equity Share in Capital Structure 40% 55% 30%
Debt Share in Capital Structure 60% 45% 70%
Cost of Debt 7.27% 7.27% 7.93%
Pre-tax nominal WACC 10.48% 10.56% 10.26%
After-tax nominal WACC 8.70% 9.23% 8.00%  

E3 assumes that existing federal tax incentives will be in place in 2020.  Biomass, 

geothermal, and small hydro resources receive a production tax credit (PTC) of 

$0.01/kWh (in 2008 dollars), while biogas and wind resources receive a PTC of 

$0.02/kWh.  Solar thermal resources receive an investment tax credit of 30%, though E3 

assumes that only 95% of the capital cost will be eligible to receive that credit.  Property 

tax is included in the fixed O&M estimates for renewable resources taken from the RETI 

analysis (biomass, geothermal, solar thermal, and wind generation).  For all other 

resources, E3 applied a 1% property tax based on the installed capital cost.   

E3 models geothermal, solar thermal, and wind resources as eligible for the 

Modified Accelerated Cost Recovery System (MACRS) tax depreciation over a five year 

                                                 

14 E3 assumed that IPPs would require a debt service coverage ratio of approximately 1.5. 
15 Assumptions on the rates of return for equity and debt are taken from the “2008 Capitalization Rate 
Study” performed by the California State Board of Equalization, found at 
http://www.boe.ca.gov/proptaxes/pdf/2008capratestudy.pdf. The Debt-to-Equity ratios were adjusted from 
the values in previous versions of the GHG developed to reflect the changing economic conditions.   
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period.  This means that for tax purposes, their cost is depreciated over five years instead 

of the 20-year assumption used for the remaining resources. 

8.2.2 Transmission Financing 

The GHG calculator incorporates two types of transmission:  long-line network 

and gen-tie.  The long-line transmission assets are assumed in all cases to be owned by 

IOUs and are accordingly financed using IOU assumptions.  Annual transmission costs 

are calculated using an annual economic carrying charge of 13.69% which reflects the 

annual cost to utility ratepayers of a transmission investment including property taxes, 

return, and debt coverage.  Gen-tie interconnection costs are assumed to be part of the 

project cost and are thus financed according to the IPP project ownership assumptions 

(described above).   

8.3 Cost Basis and Levelization 

Costs for each case in the GHG Calculator are year 2020 costs, expressed in 

nominal levelized 2008 dollars.   

8.4 Fuel Price Assumptions  

The fuel prices in the GHG Calculator are based on market price data available as 

of March 2008, and are further described below.   

8.4.1 California natural gas prices 

Natural gas prices and other fossil fuel prices have varied significantly since 

March 2008 and are currently much lower than a year ago when the GHG Calculator fuel 

price forecast was developed.  The future price uncertainty of natural gas is addressed 

through sensitivity analysis in the main report. 

The approach used for developing a natural gas price forecast is similar to the 

approach used by the CPUC to develop the Market Price Referent (MPR).  The prices 

reflect the forward prices available from NYMEX trades at Henry Hub plus basis 

differential between Henry Hub and delivery to California.  Since there is volatility in the 
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market, and numerous forecasts of different vintages, using current market prices at the 

time of the analysis is deemed to be the best approach. 

Figure 2 shows the 2020 natural gas price forecast used in the analysis in nominal 

dollars (“E3 Value” marked with 2 squares), compared to a range of forecasts of different 

vintages.  At the time of the study, natural gas prices had been trending up relative to 

available forecasts.  The 2020 value of approximately $10.50/MMBtu used in the 

analysis in 2020 dollars is equivalent to $7.85/MMBtu in 2008 dollars.  The value in 

2008 dollars is used in the GHG Calculator.  Since the natural gas prices have come 

down since the study, the results of the three main cases in the GHG Calculator show a 

relatively higher avoided market price for displaced fossil generation in California.  The 

magnitude of this effect is discussed in the sensitivity analysis chapter of the main report. 
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8.4.2 Coal prices 

We forecast the coal and natural gas prices for other regions in the West using the 

relationship between regional prices in the WECC TEPPC database and the California 

natural gas price.  This approach preserves the relationship between fuel prices in the 

West.  Figure 3 shows the E3 regional coal price forecasts for different delivery locations 

compared to other forecasts of different vintages available at the time of the study.  
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8.5 Interconnection Costs 

Interconnection (or gen-tie) costs represent the cost of facilities to transmit energy 

from the generator to the backbone transmission system.  For renewable technologies that 

are assumed to be built in California, interconnections costs are already included in the 

project capital cost derived from the CPUC’s 33% Implementation Analysis, and so no 

additional interconnection costs are added.  For out-of state projects, we calculate 

interconnection costs per kW of project capacity as the product of $2000/kW-mile capital 

cost (in 2008 dollars) times the estimated distance (in miles) from the project site to the 

nearest bulk transmission line.  We then levelize this interconnection cost per kW to a 

cost per MWh, based on the capacity factor of the project.  We use the resulting cost per 

MWh in the GHG Calculator as part of the renewable resource transmission bundles for 

each zone. 
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8.6 Wind Integration Costs 

8.6.1 Regression Analysis for Estimating Wind Integ ration Cost Function 

Wind resources tend to generate energy intermittently due to the variable nature 

of wind.  The output of a wind turbine fluctuates from hour-to-hour, and even from 

minute-to-minute, depending on the speed of the wind at the turbine site.  This imposes a 

cost on the electricity system, because the output of other generators must be varied in 

response to the fluctuations in wind output in order to maintain system frequency within 

acceptable levels.  This cost is very small when wind generators make up only a fraction 

of the total generation in a control area, and the variations can be compensated for by 

very small changes in the output of generators that are already on line.  However, the 

costs grow as more wind generators are added.  These costs can become substantial at 

high levels of wind penetration, particularly if the presence of wind generators requires 

generators that would otherwise be offline to operate in order to help integrate wind onto 

the system.  In an extreme case, integrating new wind resources could require the 

construction of new generators with the ability to quickly vary their output levels (so 

called “fast-ramping” capability).    

The cost of integrating large quantities of wind energy into California’s electricity 

system is unknown.  Wind energy currently provides only 2% of California’s electricity 

generation.  However, the GHG Calculator is designed to consider scenarios in which 

wind energy provides varying levels of California’s electricity generation, up to and 

perhaps exceeding 10%.  In order to develop an estimate of wind integration costs that is 

valid across a broad range of potential wind penetration levels, E3 researched ten studies 

of wind integration costs that specify levels of wind energy penetration for North 

American utilities.  These studies were conducted by or on behalf of:  Avista, the 

Bonneville Power Administration, Great River Energy, Idaho Power, Manitoba Hydro, 

the Minnesota Public Utilities Commission, PacifiCorp, Public Service of Colorado, 

Puget Sound Energy, We Energies, and Xcel Energy (Minnesota).   

Combined, the studies provided a sample of 32 estimates of integration costs for 

wind resource penetrations between 5% and 30% of total system generation capacity.  E3 
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conducted a regression analysis on these 32 data points and developed a simple model of 

wind integration costs as a function of wind’s share of total generation capacity.   

In response to issues raised by stakeholder comments, E3 subsequently revised 

the wind integration cost function created by these results by replacing the Idaho Power 

and Avista study numbers with the values that the Idaho PUC approved in its settlement 

stipulations for Idaho Power and Avista on February 20, 2008.  In addition, in recognition 

of the fact that the GHG analysis is more interested in accurate estimates of costs for high 

levels of wind penetration than for low levels of wind penetration, E3 also changed 

regression analysis technique (by including a y-intercept in the regression). This results in 

a reduction of the average slope from 0.3 to approximately 0.1.   

Figure 4 shows the original and revised regression slope, and the resulting cost 

per MWh of wind energy generated.  The final regression results were used in the GHG 

Calculator to calculate the integration cost of a complete resource portfolio. 
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Based on the revised regression slope, these results indicate that if there are 1000 

MW of nameplate wind generating capacity in a control area that has 10,000 MW of total 
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generating capacity, hourly integration of the wind resources will cost $4.09 for each 

MWh of wind energy generated.  If wind’s share of control area generation doubles to 

20%, the hourly cost will increase to $5.22/MWh, and if wind’s share triples to 30%, the 

cost increases to $6.36/MWh.   

The hourly cost, however, applies to all wind energy generated, meaning that as 

the amount of wind generated increases, total integration cost increases at a faster rate.  

Figure 5 shows how the total cost of wind integration varies with wind energy generation 

for an illustrative 50,000 MW control area. 
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8.7  Transmission Costs 

We estimated transmission costs by zone and by transmission capacity from 250 

MW to 6000 MW.  Table 19 shows the resulting total transmission costs in 2008 dollars; 

Table 20 translates this cost to an annualized basis using 40-year IOU financing. 
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Transmission Size (MW)
Cluster Name 250          500          750          1,000       1,500       3,000       4,500       6,000       

Alberta 2,789$     2,789$     2,789$     2,789$     2,789$     3,611$     6,400$     7,222$     
Arizona-Southern Nevada 1,125$     1,125$     1,125$     1,125$     1,125$     1,503$     2,628$     3,006$     
Bay Delta 169$        193$        218$        242$        242$        317$        559$        634$        
British Columbia 2,331$     2,331$     2,331$     2,331$     2,331$     3,019$     5,350$     6,037$     
CA - Distributed 42$          49$          55$          61$          61$          79$          140$        159$        
CFE 678$        775$        872$        968$        969$        1,269$     2,238$     2,538$     
Colorado 2,273$     2,273$     2,273$     2,273$     2,273$     2,959$     5,232$     5,919$     
Geysers/Lake 45$          52$          58$          65$          65$          85$          149$        169$        
Imperial 678$        775$        872$        968$        969$        1,269$     2,238$     2,538$     
Mono/Inyo 432$        494$        556$        617$        618$        809$        1,427$     1,618$     
Montana 1,998$     1,998$     1,998$     1,998$     1,998$     2,615$     4,613$     5,230$     
NE NV 1,230$     1,230$     1,230$     1,230$     1,239$     1,650$     2,889$     3,300$     
New Mexico 1,693$     1,693$     1,693$     1,693$     1,693$     2,228$     3,921$     4,456$     
Northeast CA 184$        210$        236$        263$        263$        344$        607$        688$        
Northwest 1,698$     1,698$     1,698$     1,698$     1,698$     2,212$     3,911$     4,425$     
Reno Area/Dixie Valley 625$        714$        803$        893$        893$        1,169$     2,062$     2,339$     
Riverside 159$        181$        204$        227$        227$        297$        523$        594$        
San Bernardino 459$        524$        590$        656$        656$        859$        1,515$     1,718$     
San Diego 148$        169$        191$        212$        212$        277$        489$        555$        
Santa Barbara 111$        127$        142$        158$        158$        207$        365$        414$        
South Central Nevada 1,125$     1,125$     1,125$     1,125$     1,125$     1,503$     2,628$     3,006$     
Tehachapi 691$        790$        889$        987$        988$        1,294$     2,282$     2,587$     
Utah-Southern Idaho 1,518$     1,518$     1,518$     1,518$     1,518$     2,006$     3,524$     4,013$     
Wyoming 2,069$     2,069$     2,069$     2,069$     2,069$     2,701$     4,770$     5,402$      
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Transmission Size (MW)
Cluster Name 250          500          750          1,000       1,500       3,000       4,500       6,000       

Trigger MW for Need 1$            251$        501$        751$        1,001$     1,501$     3,001$     4,501$     
Alberta 382$        382$        382$        382$        382$        494$        876$        988$        
Arizona-Southern Nevada 154$        154$        154$        154$        154$        206$        360$        411$        
Bay Delta 23$          26$          30$          33$          33$          43$          76$          87$          
British Columbia 319$        319$        319$        319$        319$        413$        732$        826$        
CA - Distributed 6$            7$            7$            8$            8$            11$          19$          22$          
CFE 93$          106$        119$        133$        133$        174$        306$        347$        
Colorado 311$        311$        311$        311$        311$        405$        716$        810$        
Geysers/Lake 6$            7$            8$            9$            9$            12$          20$          23$          
Imperial 93$          106$        119$        133$        133$        174$        306$        347$        
Mono/Inyo 59$          68$          76$          85$          85$          111$        195$        221$        
Montana 274$        274$        274$        274$        274$        358$        631$        716$        
NE NV 168$        168$        168$        168$        170$        226$        395$        452$        
New Mexico 232$        232$        232$        232$        232$        305$        537$        610$        
Northeast CA 25$          29$          32$          36$          36$          47$          83$          94$          
Northwest 232$        232$        232$        232$        232$        303$        535$        606$        
Reno Area/Dixie Valley 86$          98$          110$        122$        122$        160$        282$        320$        
Riverside 22$          25$          28$          31$          31$          41$          72$          81$          
San Bernardino 63$          72$          81$          90$          90$          118$        207$        235$        
San Diego 20$          23$          26$          29$          29$          38$          67$          76$          
Santa Barbara 15$          17$          19$          22$          22$          28$          50$          57$          
South Central Nevada 154$        154$        154$        154$        154$        206$        360$        411$        
Tehachapi 95$          108$        122$        135$        135$        177$        312$        354$        
Utah-Southern Idaho 208$        208$        208$        208$        208$        275$        482$        549$        
Wyoming 283$        283$        283$        283$        283$        370$        653$        739$         
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9 Renewable Resources  

9.1 Renewable Resource Supply Data 

E3 compiled renewable resource assessments from a variety of sources for each 

generation type considered in the GHG Calculator.  Brief descriptions of E3’s method for 

determining resource potential for each of the different resource types are provided 

below. 

9.1.1 Wind  

Wind resource availability is based on data from the National Renewable Energy 

Laboratory (NREL), which used Geographic Information Systems (GIS) data to estimate 

the total wind resource availability in the WECC.   

For all windy land area, NREL assigns a Wind Class rating ranging from 1 to 7 

based on estimated wind power at a specific height above the ground (i.e. 10m or 50m).16  

Land area in Classes 3 to 7 (6.4 m/s to 12 m/s) at 50 m elevation offers sufficient power 

for potential wind generation. 

The NREL dataset excludes a large subset of windy locations based on numerous 

criteria, including screening federally and state protected lands, lands held by the Forest 

Service or Department of Defense, airfields, wetlands, lands with greater than 20% slope, 

and urban settings that would prevent development.  NREL’s dataset groups the filtered 

wind resources by class in 98 regions within the WECC region of the U.S.  Gross 

resource potential in these regions varies enormously, ranging from 4 MW (in the El 

Paso, Texas region) to 315 Terawatts (TW) (in the southwestern Wyoming region).  

WECC-wide, resulting technical wind potential is estimated at 2,437 TW, more than 

twice the existing electrical generating capacity of the United States.   

                                                 

16   NREL Wind Class Table http://www.nrel.gov/gis/wind.html 
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For zones outside of California, the GHG calculator includes wind resource 

potential of Class 5 and above, and lower classes only if sufficient local transmission 

capacity already exists.   

For California, resource classes are grouped at the county level.  For areas outside 

of California, we rely on NREL’s method of estimating feasible potential by zone, which 

filters the total potential resources according to the ability of the local transmission 

system to accept more capacity, giving preference to the highest quality wind resources.17  

Wind supply estimates for British Columbia are taken from the BC Hydro 2006 

Integrated Electricity Plan.18 

Biomass/Biogas:  

The theoretical resource potential for biomass generation is significant in 

California, with sufficient resources to produce more than 10,000 MW if available 

biomass fuels were dedicated to electricity generation.  However, there are a number of 

factors that make the likely developable potential more modest, including lack of reliable 

long-term biomass fuel supplies, competition with transportation and other sectors for 

feedstocks, land use and environmental restrictions, high operation and maintenance 

(O&M) costs associated with burning fuels containing many impurities, and high costs 

associated with developing small projects, such as dairy biogas digesters.    

For these reasons, many experts in the field expect only a fraction of California or 

the WECC’s biomass potential to be developed in the near term.  For the GHG model, E3 

assumed supplies of 600 MW of solid biomass and 300 MW of biogas, respectively, 

based on the California Biomass Collaborative study and interviews with experts.   

                                                 

17 This filtering resulted in the selection of primarily high quality wind. In a more recent analysis for the 
CPUC (33% RPS Implementation Analysis), E3 instead applies blanket exclusions to the NREL total wind 
potential estimates for each class in an attempt to better reflect the actual mix of wind resources that will be 
available for development in the future.  The NREL methodology, however, still provides a useful starting 
point for approximating the total amount of wind to be developed, and we do not believe this selection of 
wind resource filtering methodology significantly impacts the results of the GHG Calculator. 
18 BC Hydro, “2006 Integrated Electricity Plan (IEP)”, March 2006. 
http://www.bchydro.com/info/iep/iep8970.html. 
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Biomass and biogas estimates in the U.S. portion of the WECC are taken from a 

2005 NREL report detailing the total theoretical biomass potential available in the 

western U.S.19   To adjust the potential in other western states downward to a feasible 

estimate, E3 uses the ratio of (a) theoretical potential for California from the NREL 

dataset to (b) the likely feasible biomass generation development for California 

(described above).  Biomass and biogas resources in British Columbia (BC) are taken 

from the BC Hydro 2006 Integrated Electricity Plan.20 

9.1.2 Geothermal  

Geothermal resource estimates for California and Nevada are based on a 2004 

study on geothermal resource potential in California and Nevada for the California 

Energy Commission,21 which details site-specific resource potential for 43 sites in 

Nevada.  The geothermal resource potential for the remainder of the western U.S. is 

based on estimates from the Western Governor’s Association Clean and Diversified 

Energy Advisory Committee 2006 Geothermal Task Force Report,22 while estimates for 

British Columbia are taken from the BC Hydro 2006 Integrated Electricity Plan.23 

9.1.3 Concentrating Solar Power 

Total resource potential for solar thermal is taken from an NREL GIS dataset24 

that assigns a solar resource class between 1 and 5 to all land area in the WECC, 

screening out those areas such as federally protected lands, land with greater than 1% 

slope, and urban settings that would prevent development.  In California, we limited the 

                                                 

19 NREL, A Geographic Perspective on the Current Biomass Resource Availability in the United 
States, NREL/TP-560-39181, December 2005. 

20 BC Hydro, “2006 Integrated Electricity Plan (IEP)”, March 2006. 
http://www.bchydro.com/info/iep/iep8970.html. 

21 GeothermEx, Inc., “New Geothermal Site Identification and Qualification”, P500-04-051, 
prepared for CEC, April 2004. 

22 Western Governors’ Association (WGA), Clean and Diversified Energy Initiative, “Geothermal 
Task Force Report,” January 2006. 

23 BC Hydro, “2006 Integrated Electricity Plan (IEP)”, March 2006. 
http://www.bchydro.com/info/iep/iep8970.html. 
24 For more information, see http://www.nrel.gov/csp/troughnet/solar_data.html 
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resource potential by NREL zone (composed of small groups of contiguous counties) to 

1% of the total land area of the zone.  For out of state solar thermal we assume that only 

class 4 and 5 resources will be developed. 

9.1.4 Small Hydro 

Hydro potential for the western U.S. is taken from the site-specific information 

contained in the Renewable Fuels Module of the EIA’s 2007 Annual Energy Outlook.25  

We exclude all locations with environmental characteristics that would reduce the 

likelihood of development, including any locations that would require the construction of 

new dams.  Hydro resource estimates for British Columbia and Alberta are taken from 

the BC Hydro 2006 Integrated Electricity Plan.26 

9.2 California Renewable Resource Zones 

Renewable resource zones are developed based on concentrated, geographic 

clusters of renewable energy in order to facilitate the development of transmission costs 

and to mimic a realistic renewable resource build-out for California.  For example, it is 

unlikely that expensive, long-line transmission would be built to interconnect to a small 

number of renewable resources.   We developed renewable energy resource zones for 

California using the following steps: 

1. Aggregate renewable resources at the county level, excluding areas 

excluded for environmental or geographic reasons  

2. Group together wind, solar thermal, geothermal, and small hydro resource 

potential located near each of these each high-concentration areas, 

aggregating up from the county level.  Group biomass and biogas 

resources as a set of distributed resources located throughout the state.  

 

                                                 

25 http://www.eia.doe.gov/oiaf/archive/aeo07/assumption/renewable.html 
26 BC Hydro, “2006 Integrated Electricity Plan (IEP)”, March 2006. 

http://www.bchydro.com/info/iep/iep8970.html. 
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E3 performed this process using a number of renewable energy resource potential 

maps available at the time of the study development, including NREL WinDS GIS data 

map, the CEC’s Wind Resource Potential study and CALWEA map of proposed wind 

projects (for wind), the CEC’s 2005 Renewable Resources Development Report (for solar 

thermal), and a Geothermex Inventory of major areas of Geothermal potential in 

California and Nevada.27  Figure 6 provides an approximate representation of the 

resulting renewable resource potential estimate for California zones, and a Northeast 

Nevada zone which is located relatively close to the state.   

                                                 

27 Lovekin, Jim. Geothermex. “Geothermal Inventory,” GRC Bulletin Nov/Dec 2004. 
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Key: Blue = wind, green = geothermal, orange = Concentrated Solar Power. 

Based on these identified resource concentrations, we designated 14 resource 

clusters (or zones) in California, Northern Nevada, and Baja California for the GHG 

Calculator.  Table 21 lists the territorial definitions of each designated cluster. 
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Definition of Resource Cluster Territory

Resource Cluster Territory Included in Cluster

CA - Distributed Biomass and Biogas sites across CA
Bay Delta Counties in CA: Alameda, Contra Costa, Marin, Solano

CFE Renewbale potential in Baja California, Mexico: La Rumorosa, 
Mexicali, Ensenada, Tecate

Geysers/Lake Counties in CA: Colusa, Lake, Sonoma
Imperial Imperial County, CA

Mono/Inyo Counties in CA: Inyo, Mono
NE NV Counties in NV: White Pine, Elko (NREL Zone 36)

Northeast CA Counties in CA: Lassen, Modoc, Shasta
Reno Area/Dixie Valley Counties in NV: Carson City, Churchill, Douglas, Esmeralda, 

Eureka, Humboldt, Lander, Lyon, Mineral, Pershing, Storey, 
Washoe (NREL Zones 34, 35, 37)

Riverside Riverside County, CA
San Bernardino San Bernardino County, CA

San Diego San Diego County, CA
Santa Barbara Santa Barbara County, CA

Tehachapi Kern County, CA  

 

9.3 Out-of-State Resource Zones 

For remote out-of-state resources, we defined 13 additional resource zones:  

1. Alberta (AB)  

2. Arizona-Southern Nevada (AZ-S.NV)  

3. British Colubia (BC)  

4. Central Nevada 

5. Colorado (CO)  

6. Comisión Federal de Electricidad, Mexico (CFE) 

7. Montana (MT)  

8. New Mexico (NM)  

9. Northeast Nevada 

10. South Central Nevada   
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11. The Pacific Northwest (NW) 

12. Utah-Southern Idaho (UT-S. ID)  

13. Wyoming (WY)   

These resources zones were largely defined by state boundaries, with a few 

exceptions allowing major parts of a utility control area to span multiple sates (e.g., Utah 

and Southern Idaho, and Washington and Oregon).   Figure 7 shows the approximate 

boundaries of these territories.  

 

Figure 7. Map of Out-of-State Zones 
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9.4 Renewable Resource Ranking & Selection for Tran smission 

Bundles 

The GHG Calculator selects the quantity of renewable energy resources for each 

zone according to the size of the transmission line selected for construction to a 

renewable resource zone.  Using the GHG Calculator, the analyst can select transmission 

lines to be built to specific renewable resource zones, with the transmission lines sized 

anywhere from 250 MW to 6000 MW.  This section describes our methodology for 

ranking and selecting new resource bundles from the total resource potential estimated 

for each zone.   

Renewable resources are ranked based on the total cost of energy, which includes 

capital, financing, variable, and integration costs.  We first assign renewable resources in 

non-California WECC zones to meet local Renewable Portfolio Standard (RPS) targets.  

Remaining, non-California renewable resources, not needed to meet other state’s RPS 

requirements, are then re-ranked to calculate the mix and cost of renewable resources that 

could be available to serve California.   

The general steps in ranking and selection of new resources are: 

1. Determine quantities of available resources within each WECC region and 

California resource zone by resource type. 

2. Develop levelized total resource costs for new resources within each WECC 

region and California zone by resource type, using busbar resource costs, 

transmission interconnection costs, and proxies for firming and integration costs.   

3. Rank resources by levelized cost within the region based on the total resource 

cost. 

4. Select lowest cost resources for each WECC region until that region’s RPS, 

energy and capacity requirements are met.   

5. Re-rank the remaining resources for potential delivery to California using 

estimates of the cost of transmission from each WECC region and California 

resource zone to load centers in California.   
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6. Select lowest-cost resources for meeting California’s load and policy 

requirements.   

In addition to the resource-specific busbar costs, the ranking method also 

considers the costs for generation interconnection, firming, integration of wind resources, 

and transmission cost from the resource area to California load centers to arrive at an 

estimate of total delivered resource cost.  The costs for firming, integration and 

transmission are based on the expected impact of each resource on the total system costs 

and are used here for ranking purposes only.  The firming and integration costs included 

in the results are tallied only after all resources are selected and added separately after the 

model determines the extent to which new capacity and transmission are needed.   

The delivered cost of energy to California loads depends in part on the cost of 

building the necessary transmission infrastructure.  Transmission cost is a function of the 

size of the transmission line and the amount of energy it can carry.  Larger transmission 

lines are generally less expensive to construct on a $/MWh basis than smaller lines.  

However, depending on the resources available in the source region, constructing a larger 

transmission line may result in the addition of relatively more expensive resources as the 

low-cost resources are exhausted.  Thus, the total delivered cost involves a tradeoff 

between resource costs and transmission costs.    
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10 Production Simulation Modeling Using PLEXOS  

A production simulation dispatch model, known as PLEXOS, was used to 

develop parameterized assumptions regarding generator dispatch in the GHG Calculator.  

To develop cases which could be run through the PLEXOS model, many assumptions 

were required regarding loads and resources across the entire WECC, which is the 

regional coverage of the PLEXOS model.  This section describes E3’s methodology for 

adding resources to ensure that each WECC region has sufficient baseload and peaking 

resources in 2020 for use in the PLEXOS production simulation model runs.   

10.1  Reference Case 2020 Loads and Resources 

The development of each case to be run in PLEXOS starts with 2008 loads and 

the resources from WECC-wide databases.28  Resources from the 2017 TEPPC database 

(March 3rd, 2008) are tallied, and “preferred” (renewable or low-carbon) resources are 

then added in each WECC region until policy requirements such as renewables portfolio 

standards are met.  Depending on the quantity and type of preferred resources that are 

added, conventional resources are also added to ensure that each WECC region has 

sufficient energy and capacity to serve load reliably at the lowest cost.  

Table 22 shows the load-resource balance in 2008 for each of the 12 WECC 

regions in the model.  The table indicates that some WECC regions, particularly 

California and Utah-Southern Idaho, do not have sufficient capacity to meet a 15% 

reserve margin in 2008 in the absence of imports from other regions.  This is due partly to 

inter-regional transfers and partly to E3’s choice of regional boundaries.  The Utah-

Southern Idaho region, for example, relies on transfers of surplus generation from 

Wyoming, and the PacifiCorp East control area spans portions of three states.  California 

relies both on imports of hydropower from the Northwest and thermal resources from the 

Southwest, some of which are owned by or contracted to California utilities. 

                                                 

28 TEPPC has produced a database of forecast loads, generation, and transmission in the WECC out to the 
year 2017. The Seams Steering Group-Western Interconnect (SSG-WI), the predecessor of TEPPC, 
produced the previous version of this database. 
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TEPPC 2008 Total (Nameplate MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Bio 87          756        31          12        23        322        7            1,238            
Coal 5,664     8,384     2,206     6,574     2,511   2,037   565      1,966     5,813     2,484   38,204          
Gas 4,486     20,163   1,639     42,368   2,049   4,977     54        2,559   1,206   7,742     2,282     617      90,143          
Geotherm 1,884     699      118      24        2,725            
Hydro 674        3,975     21,998   12,648   1,873     693      42        30,484   2,504     74,892          
Negative Bus Load (61)        (45)        (148)    (243)    (9)        (43)        (549)              
Nuclear 4,137     4,340     1,160     9,637            
Oil 317        519        111      120        98          42        1,207            
Pumping Load (2,285)   (2,285)           
Renewable 98          65        38          201               
Solar 571        571               
Wind 556        1,706     862        208      240      50        2,148     135        104      6,008            
Total Dependable Capacity 10,803  36,181  19,237  62,884  2,860  13,199  3,059  4,398  1,906  35,823  10,069  3,172  203,591        
2008 Loads AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Peak Load (MW) 8,570     20,560   9,950     61,428   1,645   11,041   1,620   3,290   1,737   29,395   10,157   2,526   161,918        
Peak Load with 15% Reserve Margin (MW) 9,856     23,644   11,443   70,642   1,892   12,697   1,863   3,784   1,998   33,804   11,681   2,905   186,206        
2008 Capacity Balance (MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Surplus (Deficit) 948        12,537   7,795     (7,758)   968      502        1,196   615      (92)      2,018     (1,611)   268      17,385           
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TEPPC 2008-2017 Additions (Nameplate MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Bio 3            3                   
Coal 920        2,800     780        350      1,075     667      6,592            
Gas 135        624        2,311     575      865        322      494      514          1,466     7,306            
Geotherm 144          10          154               
Hydro 935        3          938               
Negative Bus Load -                
Nuclear -                
Oil -                
Pumping Load -                
Renewable -                
Solar -                
Wind 60          375        75          100        610               
Total 1,115    3,424     935       2,686     575      1,720    672      494      658         1,466     1,188    670      15,602          
E3 Renewable Additions (Nameplate MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Biogas -        33          50          -         -       59          -       18        -          88          -        -       248               
Geothermal -        -         185        1,732     -       -        -       -       24            140        -        -       2,081            
Hydro - Small -        -         253        -         -       -        25        -       -          65          45          -       388               
Solar Thermal -        3,831     -        -         -       -        -       -       -          -         -        -       3,831            
Wind 2,655     1,481     2,236     5,249     -       2,592     80        917      -          3,684     208        133      19,235          
Biomass -        -         -        -         -       -        -       -       -          -         -        -       -                
Total 2,655    5,345     2,724    6,981     -       2,651    105      935      24           3,977     253       133      25,783          
2008-2020 Peak Additions (MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Peak Load Growth 2,125     7,047     1,571     9,904     1,071   3,342     268      1,034   436          5,261     3,539     1,008   36,605          
Dependable Capacity Additions Required with 15% Reserve Margin2,443     8,104     1,807     11,389   1,231   3,843     308      1,189   502          6,050     4,070     1,160   42,096          

                                                 

29 E3 made one revision to the TEPPC database, removing the 1700 MW Ely coal plant proposed for Nevada  because the TEPPC database shows that the 
Nevada region has sufficient resources in 2020 without the plant.    
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Table 23 shows resource additions from 2008-2020 in the Reference Case.  The 

first section shows resources in the TEPPC database with online dates in 2008 or later.  A 

total of 17,000 MW are added in the WECC between 2008 and 2017.  The second section 

shows renewable resources added by E3 to ensure that each region meets its renewables 

targets (see Section 10.3).  E3 adds a total of 25,783 MW to the 2017 TEPPC resources in 

the Reference Case.  The third section of the table shows growth in peak loads between 

2008 and 2020.  The table shows that peak loads grow by approximately 36,600 MW in 

the WECC between 2008 and 2020.   

10.2  Methodology for Adding Resources 

The ability to transfer energy and capacity from one region to another makes it 

difficult to construct a traditional load-resource balance for each of the WECC regions as 

we have defined them.  Neighboring control areas frequently share reserves, and load 

diversity among the different WECC regions allows seasonal transfers of both energy and 

capacity, reducing the amount of resources that individual regions would otherwise be 

required to maintain.  Constructing a load-resource balance by region would require 

making assumptions about the availability and regulatory treatment of imported power 

for meeting peak loads.   

Moreover, hydro-rich regions such as the Pacific Northwest and British Columbia 

are energy constrained, rather than capacity constrained.  Planning criteria in those 

regions address the issue of ensuring that sufficient energy is available to refill reservoirs 

to meet load under sustained cold temperatures late in the winter when water levels are at 

their lowest, rather than ensuring there is sufficient capacity to meet the highest hourly 

peak loads.  Any meaningful load-resource balance for those regions would need to take 

this into consideration, multiplying the difficulty of the exercise.  Finally, simple 

summations of nameplate generating capacity may be misleading, because it is difficult 

to ascertain if the TEPPC database accurately represents the peak availability of some 

1,800 generating resources in the WECC.   
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For these reasons, we do not attempt to construct a traditional load-resource 

balance for each WECC region.  Rather, we maintain reserve margins at their 2008 levels 

by adding new resources to meet peak load growth plus a 15% reserve margin in each 

region.  That is, for each MW of growth in peak demand, we add 1.15 MW of dependable 

capacity in each region.  Thus, 42,000 MW of dependable capacity must be added in the 

WECC in order to serve the forecast 36,600 MW of load growth by 2020 in order to 

avoid deterioration of reserve margins.  All resources are counted at 100% of nameplate 

capacity for the purpose of calculating the 15% planning reserve margin, with the 

exception of wind, which is counted at 5% of nameplate capacity.  Pumping load is 

assumed to drop to zero during system peaks.   
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Table 24 shows the load-resource balance for each region under the Reference 

Case before adjustments are made to ensure sufficient resources.  The table shows that 

the WECC as a whole has approximately 14,000 GWh of surplus energy in 2020, 

although several individual regions are shown to have an energy deficit, particularly the 

Northwest and Utah-Southern Idaho.  The WECC requires approximately 20,000 MW of 

additional capacity, beyond the TEPPC and E3 additions, in order to ensure that each 

region can serve peak load with no deterioration in reserve margins.   
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Energy from New Resources  (GWh) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Resources Added by TEPPC 8,098     25,784   3,811     19,352   4,554   11,545   4,966   3,704   14,857     10,736   8,201     5,075   120,683        
Resources Added by E3 7,229     17,327   10,533   33,998   -       8,357     420      3,151   189          13,144   939        469      95,756          
Total Energy Added 15,327  43,111   14,344  53,350   4,554   19,902  5,386   6,855   15,046    23,880   9,140    5,544   216,438        
2008-2020 Load Growth (GWh) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
2008 Energy Load 59,910   97,454   66,345   298,945 8,942   67,600   10,293 19,913 10,351     177,186 55,549   14,581 887,068        
2020 Energy Load 75,526   136,953 78,653   345,566 15,521 85,730   11,994 25,692 12,895     208,898 70,502   21,142 1,089,073     
Total Energy Load Growth 15,616  39,498   12,307  46,622   6,580   18,130  1,702   5,779   2,543      31,712   14,954  6,561   202,005        
2020 Energy Balance (GWh) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Surplus (Deficit) (289)      3,613     2,036     6,728     (2,026)  1,772     3,684   1,075   12,503     (7,833)    (5,814)   (1,017)  14,434          
Additional Energy Required 289        -         -        -         2,026   -        -       -       -          7,833     5,814     1,017   16,978          

Capacity from New Resources  (GWh) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Resources Added by TEPPC 1,058     3,424     935        2,330     575      1,648     672      494      658          1,466     1,093     670      15,023          
Resources Added by E3 133        3,938     600        1,994     -       189        29        64        24            477        55          7          7,509            
Total Resources Added 1,191    7,362     1,535    4,324     575      1,837    701      558      682         1,943     1,149    676      22,532          
2008-2020 Load Growth (MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
2008 Peak Load 8,570     20,560   9,950     61,428   1,645   11,041   1,620   3,290   1,737       29,395   10,157   2,526   161,918        
2020 Peak Load 10,695   27,607   11,521   71,332   2,716   14,382   1,888   4,324   2,173       34,656   13,696   3,534   198,523        
Total Peak Load Growth 2,125    7,047     1,571    9,904     1,071   3,342    268      1,034   436         5,261     3,539    1,008   36,605          
Total Peak Load Growth, with 15% Reserves 2,443    8,104     1,807    11,389   1,231   3,843    308      1,189   502         6,050     4,070    1,160   42,096          
2020 Capacity Balance (MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Surplus (Deficit) (1,252)   (742)       (272)      (7,065)    (656)     (2,006)   393      (631)     180          (4,107)    (2,921)   (484)     (19,563)         �
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To fill this 20,000 MW resource gap, we add a combination of new combined 

cycle (CCGT) and combustion turbine (CT) gas units and demand response resources 

according to the following procedure:  

1. Add baseload resources to meet the 2020 energy gap in each region.  Some 

WECC regions do not have sufficient energy production capability to meet annual 

energy needs in 2020.  For these regions, we add CCGT units to meet energy 

needs.   

2. Calculate remaining capacity gap.  We next calculate how much baseload 

capacity is added by the CCGT units in step 1 to meet the energy needs for each 

region, assuming an annual capacity factor of 65% for CCGT resources.  We then 

calculate the remaining capacity gap by subtracting the CCGT resources added 

from the capacity required to meet each region’s load growth.   

3. Add demand response resources.  We next add demand response resources to 

meet California’s policy goal of 5% of peak load.  Demand response resources 

change the load profile by reducing peak loads, but they do not result in a 

reduction in annual energy requirements.  Other demand-side measures such as 

renewable energy and solar PV are generally already accounted for in the load 

forecast, so no further adjustment is made for these resources.  

4. Add CCGT or CT resources to meet remaining capacity gap.  Finally, we add 

either CCGT or CT resources to meet any remaining capacity gap.  We add 

CCGT resources in hydro-rich regions, including the Pacific Northwest, British 

Columbia and Montana.  We add CT resources in all other regions.   

 

Table 25 shows the conventional resources that are added, resulting from steps 

described above.  After adding baseload resources to meet the energy gap, only four 

regions require additional peaking resources.  These regions are California, Colorado, 

New Mexico and Utah-Southern Idaho.   
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Resources Added to Fill Remaining Gap AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Gas CCCT Resources Added (MW) 51          -         272        -         356      -        -       -       -          4,107     1,021     179      5,985            
Demand Response 3,567     3,567            
Gas CT Resources Added (MW) 1,202     742        -        3,499     301      2,006     -       631      -          -         1,900     305      10,585           

Table 26 shows the final load-resource balance for each WECC region.  Each region has at a net energy surplus that is at least 

as high as the 2008 value.  The capacity surplus in Montana and Nevada is slightly higher than the 2008 value, because the 

combination of the TEPPC resource additions and the E3 renewable resource additions are sufficient to increase the capacity surplus 

without adding any additional conventional resources.  
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Total 2020 by Type AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Bio 87          33          50          756        -       90          12        18        23            410        10          -       1,489            
Coal 6,584     11,184   -        2,206     -       7,354     2,861   2,037   565          1,966     6,888     3,151   44,796          
Gas 5,873     21,529   1,911     48,178   3,280   7,847     376      3,683   1,720       13,315   5,203     1,101   114,018        
Geotherm -        -         185        3,615     699      -        -       -       286          140        10          24        4,960            
Hydro 674        3,975     23,186   12,648   -       1,873     718      42        -          30,549   2,549     3          76,217          
Negative Bus Load -        -         -        (61)         -       (45)        (148)     (243)     (9)            -         (43)        -       (549)              
Nuclear -        4,137     -        4,340     -       -        -       -       -          1,160     -        -       9,637            
Oil -        317        -        519        111      120        -       -       -          98          -        42        1,207            
Pumping Load -        -         -        (2,285)    -       -        -       -       -          -         -        -       (2,285)           
Renewable -        -         -        98          -       -        65        -       -          38          -        -       201               
Solar -        3,831     -        571        -       -        -       -       -          -         -        -       4,402            
Wind 3,271     1,481     2,236     7,331     -       3,529     288      1,157   50            5,832     443        237      25,854          
Demand Response -        -         -        3,567     -       -        -       -       -          -         -        -       3,567            
Total Dependable Capacity 13,381  45,080   25,444  76,864   4,091   17,461  4,047   5,838   2,597      47,970   14,683  4,332   261,787        
2020 Peak Load (MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Peak Load 10,695   27,607   11,521   71,332   2,716   14,382   1,888   4,324   2,173       34,656   13,696   3,534   198,523        
Peak Load with 15% Reserve Margin 12,299   31,748   13,249   82,031   3,123   16,539   2,171   4,972   2,499       39,854   15,751   4,064   228,302        
2020 Capacity Balance (MW) AB AZ BC CA CFE CO MT NM NV NW UT WY WECC Total
Surplus (Deficit) 1,083     13,332   12,194   (5,168)    968      922        1,876   866      98            8,115     (1,067)   268      33,486           
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10.3  Renewable Portfolio Standards in the WECC 

Many states in the West have legislated RPS requirements, which generally 

require that a certain percentage of either the state, or investor-owned utilities’ electricity 

sales must come from a renewable energy source. In the GHG Calculator, RPS 

requirements are used to determine the minimum amount of renewable energy that will 

be developed in the Western Electricity Coordinating Council (WECC) regions by 2020, 

based on the assumption that states will meet their RPS requirement.30  

This is important for the GHG Calculator for two reasons: (1) In 2020, the model 

assumes that California can import renewable energy from other WECC regions only to 

the extent that renewable power is in excess of the region’s own consumption; (2) The 

2020 Reference case run in the PLEXOS production simulation dispatch model must 

contain sufficient renewable energy to ensure compliance with state RPS laws.  

The table below describes the reference case assumptions for RPS requirements in 

the GHG analysis.  Some of these targets are now outdated based on more recent policies 

and developments.  We made these RPS estimates on the basis of legislated targets and 

stated policy goals as of 2007, adjusted to reflect the fact that some of the regions in the 

West combine portions of electricity load from several states with different RPS targets.  

In states where RPS legislation does not apply to all utilities, (for example, many states’ 

RPS only apply to investor-owned utilities), the weighted 2020 targets reflect this 

distinction.  The weighted RPS was calculated based on utility electricity sales data from 

the Department of Energy, Energy Information Administration 2005 Electric Sales and 

Revenue Report. A minimum standard of 5% is applied to jurisdictions where no current 

RPS exists to reflect the fact that some minimum level of renewable energy is likely to be 

developed across the West, even in the absence of a legislative mandate.  The one 

exception is CFE, Mexico, in which no RPS is applied.   

                                                 

30 WECC refers to the electricity interconnection among the 13 western-most U.S. states plus the Canadian 
provinces of British Columbia and Alberta and northern Baja California. 
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The important exception is California, where the Reference Case assumes that the 

20% RPS applies to all utilities, including investor-owned and municipally-owned 

utilities, Community Choice Aggregators and Electric Service Providers.  While Senate 

Bill 107 requires that only the investor-owned utilities meet at least 20% of their sales 

with renewable energy resources by 2010, many of the municipally-owned utilities have 

set their own RPS targets at similar levels. Los Angeles Department of Water and Power 

(LADWP) aims to achieve a 20% RPS by 2010, and 35 percent by 2020.31 Sacramento 

Municipal Utility District (SMUD) has set the goal of achieving a 20% RPS by 2011.32 In 

addition, members of the Northern California Power Agency and many municipally-

owned utilities in Southern California have committed to reaching a 20% RPS by 2017.33 

Given these commitments, it seems reasonable to set California’s Reference Case RPS at 

20% in 2020.  
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Region 

2008 
renewable 

energy share* 

2020 
reference 
case RPS 

target Notes 
Alberta 7.5% 15.5% Alberta has a voluntary RPS goal and is assumed to meet 

this target by 2020. 
Arizona-
Southern 
Nevada 

0.7% 13.2% Value is average of NV and AZ RPS targets, weighted by 
2005 load in all of AZ and for the 3 southernmost utilities 
in NV (Boulder City, Harney Coop, & NV Power 
Company).  NV RPS is 20% for 2015. Assumed constant 
through 2020. 
AZ RPS interpolated.  The RPS requires utilities obtain 
(RECs) to meet 1.25% of their retail load 2006, rising to 
15% by 2025. 

                                                 

31 See LADWP’s Renewable Energy Policy website: http://www.ladwp.com/ladwp/cms/ladwp005864.jsp  
32 See the “2007 Status report on Renewable Energy at SMUD,” http://www.smud.org/about/reports-
pdfs/2007StatusRenewableEnergy.pdf  
33 See, for example, NCPA member Tom Habashi’s testimony before the Senate Energy, Utilities and 
Communication Committee, February 6, 2007:  
http://www.sen.ca.gov/ftp/SEN/COMMITTEE/STANDING/ENERGY/_home/02-06-07NCPA.htm  
34 Sources:  BC Hydro, Electric Load Forecast 2004/04 2025/26, 
http://www.bchydro.com/rx_files/policies/policies18392.pdf; DOE Energy Information Agency 2005 
Electric Sales and Revenue Report, http://www.eia.doe.gov/cneaf/electricity/esr/esr_sum.html; Kralovic, 
Paul, and Dinara Mutysheva, “The Role of Renewable Energy in Alberta’s Energy Future,” November 
2006, http://www.iseee.ca/files/iseee/ABEnergyFutures-15.pdf; NC State University, “Database of State 
Incentives for Renewables & Efficiency (DSIRE),” June 2007 update. 
http://www.dsireusa.org/index.cfm?&CurrentPageID=7&EE=1&RE=1 
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Region 

2008 
renewable 

energy share* 

2020 
reference 
case RPS 

target Notes 
British 
Columbia 

0.0% 13.4% 2002 BC Energy Plan required electricity distributors to 
pursue a voluntary goal to acquire 50% of new supply 
from clean electricity over the next 10 years.   

CFE, 
Mexico 

… 0.0% Comisión Federal de Electricidad in, Mexico is not 
assigned an RPS. 

California 10.3% 20.0% Existing law requires investor owned utilities to meet a 
target of 20% of retail sales by 2010.  A 33% target is 
proposed in the CPUC/CEC Energy Action Plan II, but 
this has not yet been adopted into law or regulation.  

Colorado 7.4% 15.6% RPS differs for IOUs and electric cooperatives and 
municipal utilities: 20% for IOUs by 2020, and 10% for 
cooperatives and large munis (>40,000 customers) by 
2020. This value is average for IOUs and coops and 
munis, weighted by 2005 electric sales (MWh). 

Montana 10.1% 12.2% RPS applies to IOUs, with targets of 5% in 2008; 10% in 
2010; 15% in 2015. 

New 
Mexico 

4.6% 15.8% Value calculated as average of 20% RPS for IOUs and 
10% RPS for cooperatives by 2020, weighted by 2005 
load. 

Northern 
Nevada 

9.9% 20.0% 6% RPS in 2005, rising to 20% by 2015. 

Northwest 9.6% 14.4% Value calculated as 2005 load weighted average of : 15% 
RPS for Washington by 2020 (only for utilities with 
>25,000 customers; represents 13% RPS based on large 
utilities share of 2005 load) and  
5% to 20% RPS for Oregon by 2020 (varies by size of 
utility; 20% RPS for utilities with >3% of total state load; 
10% RPS for utilities with 1.5-3% of total state load; 5% 
RPS for utilities with 1.5% of total state load.) 

Utah-
Southern 
Idaho 

4.7% 5.0% No binding RPS currently for UT or ID.  Base RPS has 
been assumed as 5%, the minimum regional value used in 
the model. 

Wyoming 4.0% 5.0% No binding RPS currently for WY.  Base RPS has been 
assumed as 5%, the minimum regional value used in the 
model. 

WECC 
Total 
 

7.6% 
 

15% Weighted average of the projected 2020 RPS 
standards within each zone. 

*All 2008 values are calculated based the Western Electricity Coordinating Council’s Transmission 
Expansion Planning Committee (TEPPC) generation commission date assumptions, TEPPC draft released 
in September 2007.  Generators have been assigned to regions based on their known ownership and 
physical location.  Hydro generation larger than 30 MW is not included. 
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11 Generation assignment to retail providers and 

benchmarking of emissions intensity 

The GHG Calculator estimates CO2 emissions and costs for California retail 

providers based, in part, on a retail provider’s contracts with and ownership in existing 

generators.  The GHG emissions calculation for retail providers is performed for a set of 

resources in 2008 and again in 2020.  Thus, it is important to have the best data available 

regarding retail provider’s contracts with and ownership in generators.   

Following the CPUC decision on “Reporting and Verification of Greenhouse Gas 

Emissions in the Electricity Sector,” retail providers modeled in the GHG Calculator are 

assigned responsibility for the greenhouse gas (GHG) emissions associated with the 

electricity generated to serve load. Thus, it is critical to ascertain which retail providers 

purchase power from which generators. This could be determined either through power 

purchases tied to specific power plants or fleets of power plants, or through ownership or 

partial ownership of generators. All other power purchased by a retail provider from the 

grid is deemed “unspecified” and is attributed an average greenhouse gas emissions 

factor.  

While the CPUC will be able to implement this GHG accounting method based 

on full knowledge of contractual data and actual purchases by retail providers, for this 

modeling effort we did not have access to such detailed or confidential information. The 

assignment of generation to load uses only publicly available contract and ownership data 

as well as input from participants in the CPUC/CEC GHG proceeding (R.06-04-009). 

The assignment of generators to retail providers in this model should be viewed as only 

one plausible scenario for 2020.  

To develop a dataset of generator contractual and ownership data, we first 

investigated publicly available data sources, including the bilateral contracts reported in 

the CEC’s 2007 Integrated Energy Policy Report S-5 supply filings to associate 

generators to retail providers, taking into account the expiration dates for contracts.  We 

also requested that stakeholders and participants in the CPUC/CEC proceeding (R.06-04-
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009) provide feedback regarding retail provider’s publicly known contracts and 

ownership shares.  The remaining generators located inside California, which had not 

been otherwise assigned to a retail provider, were assigned to either a “Northern 

California power pool” or a “Southern California power pool” based on the location of 

the plant: north of Path-15 or south of Path-15.  

Interpretation of contract data can be challenging; contract terms are often 

contingent on conditions, may vary by season or month, and may be for firm or non-firm 

power or some combination of the two, among other contractual stipulations. To the 

extent possible, we simplified this information into a single number: retail provider’s 

percentage share in a given power plant’s nameplate capacity.  In cases where generators 

are partially owned or partially contracted to a retail provider, the generator’s output was 

allocated to the retail provider on the basis of a share of the nameplate capacity of the 

unit.  The results of this effort to assign generators to California retail providers are 

included in the GHG Calculator in the 2008 and 2020 tabs of the spreadsheet. 

11.1 Resulting carbon intensity of electricity deli veries for 2008 

We compared the CO2 emissions factors from the GHG Calculator (as predicted 

by the generation assignment and PLEXOS dispatch) to the fuel mixes reported by each 

retail service provider from the Power Source Disclosure & the Power Content Label data 

required in Senate Bill 1305 for 2007 (Figure 8).  
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12 GHG Calculator Cap and Trade Policy Options 

The GHG Calculator also includes an estimate of the impact of a cap and trade 

program on the electricity sector.   The proposed cap and trade program would impose a 

price on emissions of CO2 from power plants and other emissions sources in California, 

although credits, or “allocations” for CO2 emissions could be given for free to power 

plants.  The details of some of these cap and trade proposal are discussed in the main 

body of the report.   

The GHG Calculator was designed to reflect the CEC and CPUC 

recommendations to the California Air Resources Board (CARB) on greenhouse gas 

regulatory strategies described in the “Interim Opinion on Greenhouse Gas Regulatory 

Strategies” (CEC-100-2008-002-F, CPUC Decision 08-03-018), referred to here as the 

“Interim Opinion.”   While the costs and/or revenues from emission allowances or offsets 

will initially be incurred by ‘energy deliverers,’ these costs are passed on to retail 

providers in the GHG Calculator through higher energy prices, which will affect the rate 

and cost impact calculation for retail providers. The carbon market modeled in the GHG 

Calculator is assumed to be a California-only carbon market.  Federal and regional GHG 

policy scenarios are not built into the Calculator. 

Since our goal is to identify the impact of emission reduction measures in the 

electricity sector on California consumers, we do not model each potential ‘energy 

deliverer’ explicitly.  Instead, our intent is to model the impact of emission allowance 

options on individual retail providers, assuming that energy deliverers pass their costs 

from a CO2 market on to retail providers through power contracts and wholesale 

electricity market prices. 

It is also important to note that, in the GHG Calculator, the CO2 allowance price 

does not alter in any way the WECC system dispatch, which is generated in PLEXOS 

without a carbon price.  A California-only policy scenario leaves out-of-state generators 

the option of not selling power to California, and using their generation to serve other 

load. These out-of-state generators will dispatch if it is economic to sell to a non-

California-based provider or power market.   
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12.1 Greenhouse gas market design: policy choices 

Within the broad framework described in the Interim Opinion, there are many 

potential policy details that will have an impact on California electricity consumers and 

the amount of carbon reduction achieved by the sector.   

The Calculator includes policy inputs that define the market price for carbon 

allowances and offsets, the method for allocation of allowances (auction, administrative 

allocation), the treatment of offsets, and the potential for redistribution of auction 

revenue.  The list of policy options which can be represented in the GHG Calculator are 

described below. 

12.1.1 Market Clearing Price for GHG Permits in a M ulti-Sector “Cap and 

Trade” Auction 

Market clearing prices for CO2 allowances are an input to the model. We do not 

attempt to endogenously model the market clearing price for GHG permits in a multi-

sector cap and trade program.  This is because the market price will be the result of a 

number of policy and economic variables which fall outside the scope of this utility 

sector model, including: the overall multi-sector cap on emissions; the sectors included in 

the cap; the availability and price of qualifying offsets; the auction design; and other 

factors.  Instead, we evaluate the impacts on the electricity sector of GHG permit price 

scenarios, using the market clearing price as an input.   

12.1.2 Level of “Administrative Allocation” of GHG emission allowances  

The GHG Calculator allows the user of the tool to select whether, and how much, 

administrative allocation of emission allowances occur in the electricity sector. Users of 

the model may define the percentage of total administratively allocated allowances for 

each year of the market (2012 – 2020).  Users may also select the percentage of allocated 

allowances distributed on the basis of current retail sales versus historic (2008) GHG 

emissions for each year of the market.    
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12.1.3 Price and Quantity of Different Types of Off sets 

Offset prices and the total percentage of a generator’s compliance obligation that 

may be met by offsets are specified by the user.  Once the analyst has defined the GHG 

emissions allocation and offsets policy, the GHG Calculator can evaluate the 

allowance/offset purchase decisions made by the energy deliverers.  We categorize two 

types of energy deliverers: 1) California retail providers, and 2) a broader group that 

includes merchant generators, power marketers delivering into California, and out-of-

state retail providers delivering into the California market.   

We assume that retail providers, generators and power marketers make allowance 

and offset purchase decisions to minimize costs.  Energy deliverers purchase the lowest 

cost combination of allowances and offsets to meet market requirements.  California 

retail providers make decisions to minimize costs to customers, and other energy 

deliverers make decisions to maximize their profits.  

12.1.4 Percent of Auction Revenue Rights Distribute d to Retail Providers   

If the analyst selects a case in which auction revenue rights are redistributed to 

retail providers, the analyst must also select: 1) the percentage of auction revenue rights 

given to retail providers (as a percentage of auction revenue generated), and; 2) the basis 

for distributed auction revenue rights (sales-based or 2008-emissions-based).   

The user may also choose whether the use of offsets reduces the amount of 

auction revenue rights returned to retail providers; the default assumption is that it does 

not.  

Some policy options for auction revenue redistribution could provide less 

incentive to retail providers to purchase low-cost offsets.  For example, if retail providers 

get 100% of their expenditures in the auction refunded, the retail provider may purchase 

emission allowances instead of offsets, even if the offsets are lower cost than emission 

allowances.  However, we do not model this type of strategic choice by retail providers; 

we assume that the cost-minimization incentive prevails. 
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13  Electricity import assumptions and out-of-state  coal 

contracts 

The GHG Calculator also allows the user to change the method for modeling 

electricity imports and contracts with out-of-state generators in 2020 scenarios.  For the 

default option applied in all cases, we assume that retail providers’ long-term contracts 

with out-of-state generators will continue until their expiration dates and that the 

contracts will not be renewed upon expiration.  After the contract expires, retail providers 

are assumed to procure power from the least cost resource, either market purchases or 

new combined cycle natural gas generation.   

In the default case, we assume that unspecified imports continue to receive the 

unspecified emissions rate of 1100 lbs CO2/MWh through 2020, as deemed in the CPUC 

“Interim Opinion on Reporting and Verification of Greenhouse Gas Emissions in the 

Electricity Sector” (Decision 07-09-017).  This relatively high unspecified emissions rate 

may create an incentive to specify power purchases from lower-emissions generators in 

the future.  Thus, the analyst can vary the assumption on import emissions intensity over 

time.  Changing the deemed emissions rate on imported electricity would test the cost and 

rate impact of specifying more clean generation for import into California while 

operating the same generation fleet WECC-wide. We note that increasing the level of 

clean, specified imports into the state would reduce the state’s total emissions level, but 

would not result in any actual greenhouse gas reductions WECC-wide.   

The analyst may also change the contract expiration date for coal contracts, to 

evaluate the impact on emissions levels of early contract termination, or repeated short-

term contract renewals.  We do not anticipate that changes to contracts will result in 

changes to the operating pattern of the coal plants. Therefore, changing coal contract 

expiration dates affects the California emissions level, but does not result in a change to 

overall WECC-wide emissions levels.  The operating patterns of these coal plants reflect 

the constrained least-cost dispatch results from the PLEXOS production simulation 

model. 
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An additional option is to model retail providers’ costs and rate impacts, assuming 

that the decision to purchase energy from coal contracts is evaluated on an economic 

basis – retail providers procure from coal plants as long as the fuel price and/or the 

carbon price is low enough to make the coal power economic. The default and alternative 

modeling options surrounding coal contracts and coal contract expiration dates are shown 

in the diagram below: 

 

 

 

 

Choices for Modeling  
Out-of-State Coal Contracts 

Default option: hold coal contracts until the 
expiration date, regardless of the carbon price. 

Default option: Can not contract with coal plants, 
even if economic 

Alternative scenario: break coal contracts if the 
carbon price becomes too expensive.  

Alternative scenario: Buy short-term coal 
contracts, if it is economic 

 

Before contract 

After contract 

�������7�������������
����!�������������������=�
0��02
�
����������
 ���
��



 - 67 - 

Appendix B. GHG Calculator Revisions (Version 3, 3b )  

This table provides a summary of the revisions included in Versions 3 and 3b of the GHG 
Calculator: 

Version 3 

Update renewable energy costs to reflect resource cost assumptions in the CPUC “33% 
Renewables Portfolio Standard Implementation Analysis Preliminary Results” report 

Include the cost of delivering energy from Imperial and Tehachapi renewable resource 
zones in the Reference Case cost calculation 

Change cost calculation such that for electric loads above the Reference Case, 
incremental energy needs are met with the purchase of energy at the price of generation 
from a new natural gas combined cycle unit rather than wholesale market purchases 

Remove double-counting of energy efficiency program administration costs 

Revise 2008 average electricity rate for SDG&E 

Revise tracking of renewable energy between retail providers in cases with less 
renewable energy than the Reference case assumption of 20% RPS in 2020 

Correct tracking of behind-the-meter CHP energy production reported on the Output tab 

Change CSI cost to use annual difference between reference and user case cumulative 
CSI utility spending, multiplied by levelization factor.  Prior method assumed a linear 
phase-in to 2020. 

Fix Reid Gardner contract to update when changed in user case 

Fix user case gas sector emission to allow user changes to flow through 

Change calculation of renewable allocation to account for existing renewable energy 
allocated in the 2020 reference case.  Prior model allocated renewables based on total 
needs relative to 2008 

Format Output tab and other important tabs to be more user-friendly 

Generation for load calculation is revised to no longer reduce load by export CHP 
generation.  

Adjust calculation of capacity costs to include changes in capacity cost due to changes in 
the reference case load forecast. 
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Version 3b 

Freeze Reference Case resources in SummaryCalcs tab to avoid double-counting 
Reference Case renewable resources in non-Reference case scenarios.  Changes on 
UserCase and RefCase tabs were also required to implement this correction.  

Correct energy efficiency customer cost calculation on Outputs tab.  Water Agencies 
customer cost value previously reflected state total customer costs.  

Change allocation of capacity balancing costs on UserCase tab.  This change was made to 
reflect a cleaner approach to capacity cost allocations in the Natural Gas Only Case.   

Add avoided transmission and distribution costs to the demand-side measures in the 
supply curve calculation on the SummaryCalcs tab.  Change is reflected on Outputs tab. 

Correct calculation of CHP boiler efficiency credit on Resources tab cells G120 and J120.  
Default settings do not use this formula, so the results in the report do not change.   

 
 


